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Executive Summary 

Residential rooftop solar and paired battery storage have faced a persistent financial 

viability challenge for U.S. households. Decades of federal tax credits and retail-rate net energy 

metering expanded adoption but did not close the gap between rooftop potential and deployment. 

Installed residential PV capacity reached 40.0 GW as of November 2025 (U.S. Energy Information 

Administration, 2026). That is about 5% of the 731 GW U.S. rooftop photovoltaic technical 

potential (Gagnon et al., 2016).¹ Battery attachment on new solar installations has grown from 

under 1% in 2015 to 36% in 2024 but remains well below saturation (LBNL, 2025). Adoption 

concentrates among higher-income households. The median 2023 adopter earned approximately 

$115,000 per year against a national median of $75,000 (Forrester et al., 2024; Barbose et al., 

2024). 

Two 2025 policy changes degrade the economics of residential solar-only systems, while 

their combined effect on paired battery storage is uncertain. The One Big Beautiful Bill Act 

terminated the federal Residential Clean Energy Credit under Section 25D. The termination applies 

to installations completed after December 31, 2025 (Public Law 119-21, 2025; 26 U.S.C. § 25D; 

Internal Revenue Service, 2025). The end of the 30% offset raises the effective cost of every 

residential solar or battery investment. More than a dozen states have also transitioned residential 

compensation from retail-rate net energy metering to more cost-reflective structures since 2022 

(NC Clean Energy Technology Center, 2025). This shift reduces the value of solar-only exports 

but introduces time-varying and locational price signals that paired battery storage can, in principle, 

capture. 

Given this environment, this Master’s Project evaluates residential solar and paired battery 

storage viability under 2026 policy conditions through a mixed-methods design. A structured 

comparative review groups U.S. state regimes into three rate-structure archetypes. North Carolina 

and Massachusetts represent transitional designs, California and New York represent advanced 

value-based designs, and Texas represents market-oriented retail choice. An integrated physical-

financial model then tests viability empirically across these five states. PySAM (Pvwattsv8 → 

Battwatts → Utilityrate5) simulates hourly PV output, household load, and rate-aware battery 
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dispatch under each state’s filed tariff. A 25-year discounted cash flow converts bill savings into 

net present value, payback period, and monthly cash flow. Standardized inputs draw from NSRDB 

weather, ResStock load profiles, and Sun et al. (2025) installed costs. Financial parameters are 

held constant across states, with a 7.24% loan, 6.4% discount, 2.5% bill escalation, and 100% debt 

financing. 

Table ES.1. 25-year NPV range across modeled scenarios by state, 2026 policy 

baseline 

State PV-only NPV range PV+Storage NPV range 

Massachusetts +$4,469 to +$19,394 −$9,946 to +$16,857 

New York −$723 to +$14,316 −$6,177 to +$14,521 

California −$39 to +$2,649 −$6,386 to +$3,064 

North Carolina −$10,888 to −$7,390 −$27,682 to −$12,993 

Texas −$860 −$16,751 to −$13,636 

Ranges span scenario variations within each state across utility territory, tariff, and 

incentive-stack combinations. Source: Chapter 4 modeling outputs. 

Positive NPV shows up in two of the three rate-structure archetypes. All four 

Massachusetts PV-only configurations produce positive NPV. Massachusetts PV+Storage reaches 

positive NPV at both Eversource and National Grid when the full stack of state credit, SMART 

3.0, and ConnectedSolutions applies. New York Con Edison produces positive NPV across both 

PV-only and PV+Storage, with the Locational System Relief Value zone adding roughly $2,000 

to each. In California, PG&E and SDG&E produce positive PV-only NPV, but only SDG&E 

reaches positive PV+Storage NPV. SDG&E’s outcome reflects its steep peak-to-off-peak TOU 

spread, which rewards battery arbitrage more than PG&E or SCE tariffs. North Carolina and Texas 

remain negative in every modeled configuration. 

Three implications for rate, incentive, and financing design follow from these cross-state 

findings. 
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Implication 1. Residential DER viability requires coupled compensation streams, not 

a single credit. Massachusetts provides the cleanest illustration. Removing the 

ConnectedSolutions dispatch payment alone drops National Grid PV+Storage NPV from 

+$16,857 to −$72. The rest of the stack (net energy metering, SMART 3.0, and the state tax credit) 

cannot carry viability without the dispatch layer. California shows the same pattern through rate 

structure. SDG&E’s steep peak-to-off-peak TOU spread gives battery arbitrage its largest value 

among California utilities, while PG&E’s flatter TOU leaves the same system at −$1,774 NPV. 

Texas shows the failure mode at the extreme. With residential battery revenue tied to ERCOT 

wholesale arbitrage alone, aggregate revenues dropped 85% between 2023 and 2025, from $193 

per kilowatt to $29.4 per kilowatt (Modo Energy, 2025). 

Implication 2. Poorly designed rate transitions impose costs on households, installers, 

and future DER deployment. California’s NEM 2.0 to Net Billing Tariff transition in April 2023 

produced measurable market contraction. Residential quote requests have averaged roughly 60% 

of historical volumes since NBT adoption. Paired PV+storage prices rose 17%, and median system 

sizes fell 9% overall and 17% for paired systems (Barbose, 2024). Those costs fall on households 

considering investment and on installers facing reduced demand. Grandfathering protects 

customers already enrolled under prior tariffs, but the five study states have not designed graduated 

ramps into the successor tariffs themselves. A graduated ramp would preserve installer capacity 

and give households time to plan, instead of compressing adjustment costs into a single transition 

date. Massachusetts SMART 3.0 remains pending Department of Public Utilities approval. North 

Carolina’s Net Metering Bridge caps statewide enrollment with no successor program announced 

for post-cap cohorts. New York’s Phase One VDER expires without a defined Phase Two. 

Implication 3. Equity problems arise in all three mechanisms and compound across 

them. Financing screens out lower-credit-score households, with 76% to 88% of solar loans going 

to applicants above FICO 720 and only 3% to 11% to those below 680 (Schwabe & Feldman, 

2018). Tax-credit incentives reach only households with enough federal or state tax liability to 

absorb the credit, which tends to exclude lower-income households. Rate design shifts value 

among customers. Time-of-use structures in California and Massachusetts move roughly $104 to 

$133 per year from households that cannot shift consumption to households that can. Capturing 
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the TOU advantage generally requires a battery, so the rate-design effect overlaps with the 

financing and incentive gates above. 

The analysis models single-family, credit-qualified households financing 100% of installed 

cost at the tariffs filed in each study state’s 2025 to 2026 dockets. Multifamily, low-credit-score, 

and subscription-based community-solar participants are out of scope and require separate 

evaluation. 

Three near-term priorities follow from the implications above. First, maintain multi-stream 

compensation structures rather than simplify to single credits. Second, add graduated transition 

pathways to successor tariff rollouts rather than cliff-edge effective dates. Third, evaluate rate, 

incentive, and financing design jointly for equity effects rather than in isolation. 

 

¹ The National Renewable Energy Laboratory (NREL), which published Gagnon et 

al. (2016), was renamed the National Laboratory of the Rockies (NLR) on December 1, 2025 (U.S. 

Department of Energy, 2025). 

Chapter 1: Introduction and Analytical Frame 

============================================ 

1.1 What Residential Solar and Storage Offer 

Residential rooftop solar photovoltaic (PV) systems and battery energy storage systems 

(BESS) allow households to generate, store, and manage their own electricity.1 A rooftop solar 

array offsets purchased energy during daylight hours. A paired battery shifts surplus generation 

into evening peaks, reducing reliance on the grid when electricity is most expensive. Together, 

these technologies give households a measure of control over their electricity costs that was 

 
1 ConnectedSolutions is a residential battery dispatch program jointly operated by Eversource, National 

Grid, and Unitil under the Mass Save umbrella. Participating batteries are called to discharge during up to 60 
summer peak events between June and September; compensation is paid on average kW of delivered contribution 
rather than on each individual event. 
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unavailable a decade ago. 

These systems also provide value to the grid. Residential distributed energy resources 

(DERs) can reduce peak demand, defer infrastructure upgrades, and improve system resilience 

(NARUC, 2016; FERC, 2018). Whether and how much of that value a household captures depends 

on how its utility prices electricity and compensates distributed generation. 

1.2 Why Adoption Remains Limited 

Despite these benefits, residential DER adoption in the United States remains far below its 

technical potential. The National Renewable Energy Laboratory (NREL) estimates that U.S. 

residential rooftops alone could host approximately 731 gigawatts (GW) of solar PV capacity 

(Gagnon et al., 2016). As of year-end 2024, actual installations totaled 53.2 GW across roughly 

3.3 million systems, less than 8% of that ceiling (EIA, 2025; LBNL, 2025). Figure 1.1 illustrates 

the scale of this gap. Battery storage is growing faster but from a smaller base. Battery pairing has 

grown from under 1% of new installations in 2015 to 36% in 2024, yet still well below saturation 

(LBNL, 2025). 

Bar chart comparing 731 GW technical potential versus 53.2 GW installed residential solar 

capacity 

Bar chart comparing 731 GW technical potential versus 53.2 GW installed residential solar 

capacity 

Adoption is also geographically concentrated. California alone accounts for 19.6 GW of 

distributed solar, 41% of the national total. The next four states (New York, New Jersey, 

Massachusetts, and Arizona) bring the cumulative share to 75% (EIA, 2025). Figure 1.3 plots this 

pattern against solar irradiance, showing that adoption does not track solar resource quality. New 

Jersey and Massachusetts rank among the top five despite moderate irradiance because they 

maintain high residential electricity rates and have sustained state incentive programs for over a 

decade. States across the Southeast with comparable or superior solar resources but lower 

electricity prices and weaker policy support lag far behind. 

Scatter plot of solar irradiance versus installed distributed solar capacity by state showing 
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adoption does not track solar resource quality 

Scatter plot of solar irradiance versus installed distributed solar capacity by state showing 

adoption does not track solar resource quality 

The gap between technical potential and actual deployment, and the concentration of 

adoption in a small number of states, indicate that hardware cost reductions alone do not explain 

residential DER uptake. States with comparable solar resources but different electricity prices, 

compensation structures, and availability of state incentives exhibit divergent adoption trajectories 

(EIA, 2025). These patterns point to household-level financial viability as one of the major factors 

shaping adoption. 

1.3 Financial Viability and Residential DER Adoption 

Household-level financial viability is one of the strongest predictors of residential DER 

adoption. Gao and Zhou (2022) find that installation cost, electricity price, and incentive 

availability outperform demographic and attitudinal variables as predictors of solar adoption across 

U.S. census tracts. Darghouth et al. (2022) attribute 37% of the racial gap in residential solar 

adoption to differences in housing wealth, with financial capacity dominating all other explanatory 

variables. Observed policy changes reinforce this finding. When California replaced net energy 

metering with reduced export compensation in 2023, residential solar installations fell 

approximately 40% within a year (SEIA, 2024), a response consistent with a direct shift in project 

economics. 

Three institutional factors shape whether a residential DER investment is financially 

sustainable. Rate structures govern how much value a household captures from each kilowatt-hour 

its system produces. Incentive programs reduce the capital cost a household must recover. 

Financing mechanisms determine whether and on what terms a household can fund the upfront 

investment. The three factors compound. A rate structure change that lowers export compensation 

reduces projected revenue, but a supplemental incentive can offset part of that loss, and accessible 

financing can further lower the savings threshold a household needs to break even. 

Two of these three factors are undergoing structural policy change simultaneously. States 
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are replacing net energy metering with net billing and successor tariff structures that reduce export 

compensation (Proudlove et al., 2023). At the federal level, the One Big Beautiful Bill Act repealed 

the 30% residential investment tax credit established under the Inflation Reduction Act for systems 

installed after December 31, 2025 (P.L. 119-XX, 2025).2 Rate structure reform compresses the 

revenue side of the household investment equation while the Investment Tax Credit (ITC) repeal 

raises the cost side, leaving financing as the remaining lever and narrowing the margin it has to 

work with. 

1.4 Objectives and Five-State Comparative Design 

This report pursues three objectives. First, it reviews prevailing DER compensation 

structures across five states and evaluates how well each reflects the services that DERs provide 

to the grid. Second, it examines the financing barriers that limit residential DER adoption and the 

instruments designed to overcome them, identifying design principles common to the most 

effective programs. Third, it quantifies how the rate structure, financing terms, and availability of 

incentives jointly affect residential DER investment returns, identifying which configurations 

allow systems to pay for themselves and which do not. 

The analysis is limited to residential rooftop solar PV and solar-plus-storage systems. Other 

distributed resources, including demand response, electric vehicles, and community solar, raise 

distinct regulatory and economic questions that fall outside this report’s scope. Interconnection 

and permitting barriers, while relevant to deployment, are not examined. The report focuses on the 

financial and institutional conditions that shape investment viability after a household has cleared 

those procedural steps. 

Five states serve as comparative cases, ordered to build the analysis from emerging 

transitions to completed reforms to market-driven outcomes. North Carolina and Massachusetts 

appear first as states at different stages of compensation reform within different market structures. 

 
2 Non-bypassable charges are line items on the retail electricity tariff that a customer pays on every 

kilowatt-hour of consumption but that do not credit back on exports. In Massachusetts the Net Metering Recovery 
Surcharge and Distributed Solar Charge together create a wedge of roughly 1.2 cents per kWh at Eversource and 2.4 
cents per kWh at National Grid between the volumetric buy rate and the effective NEM export credit. 
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North Carolina is transitioning from traditional net metering to a time-of-use-based rate under 

vertically integrated regulation. Massachusetts retains net metering but layers a performance-based 

state incentive program on top of it. California and New York follow as states that have replaced 

net metering with granular, avoided-cost-based compensation structures. Texas appears last as a 

deregulated market where export compensation is set by retail providers rather than by regulatory 

tariff. 

1.5 Chapter Roadmap 

The remainder of this report is organized as follows: Chapter 2 examines how retail rate 

structures shape the value and compensation of residential DERs and identifies the rate design (RS) 

principles used in the analysis. Chapter 3 investigates incentive programs, financing mechanisms, 

and access barriers, and develops a set of financing guidelines. Chapter 4 applies a common 

analytical framework and methodology to examine the selected 5 states. Chapter 5 then compares 

the modeling and analysis results of the five states and draws policy and investment insights about 

where and why residential DER remains financially viable. 

Chapter 2: Rate Structure and DER Compensation 

2.1 Why Rate Structure Matters for Residential DER Economics 

The financial return on a residential solar or battery system depends on how the utility 

prices electricity and credits for exported generation. The rate structure determines what exported 

solar electricity is worth to the household. A retail-rate credit treats each exported kilowatt-hour 

as equal in value to each kilowatt-hour purchased. An avoided-cost credit ties compensation to the 

cost the system would have incurred to procure that energy, a value that varies by hour and market 

structure. The rate structure also determines whether a battery improves the investment case. Under 

a flat volumetric rate, a battery cannot generate savings through timing. Under a time-of-use rate, 

it can reduce costs by shifting consumption from high-priced to low-priced hours. These design 

choices can determine whether the same system is a strong investment or a marginal one. 
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2.2 What Value Residential DERs Can Provide 

Residential DERs provide energy value. Every kilowatt-hour a DER produces displaces a 

kilowatt-hour the grid would otherwise procure from whichever generating unit is operating at the 

margin of the dispatch stack.3 The cost of that displaced procurement varies by hour and by season 

(ICC, 2025). During off-peak periods, when baseload generation covers demand, marginal energy 

costs may approach zero. During summer peaks, when the system dispatches expensive gas 

turbines to serve the load, marginal costs can be several times higher. A solar system generating 

during midday therefore displaces more expensive energy than a battery discharging during the 

evening peak. Energy value is a function of timing, not just volume. 

The same peak-hour generation or discharge that produces high energy value also produces 

capacity value. The power system must maintain sufficient generating capacity to serve the year's 

highest-demand hours. Utilities build or contract peaking generation4 to meet this requirement. 

When residential DERs reduce system peak load in aggregate, they lower the quantity of peaking 

capacity the system must procure. This benefit applies whether the reduction comes from onsite 

solar generation, battery discharge, or load flexibility. To capture this benefit, the resource must 

reliably deliver during peak hours. A solar-only system provides capacity value only when the 

system's peak coincides with solar output. A battery or controllable load can be dispatched to 

match peak timing regardless of solar conditions, making its capacity contribution more 

dependable. 

On the distribution network, DER value is location-based. A distribution feeder sized for a 

given peak load will require a capacity upgrade once demand exceeds its design limit. A residential 

DER that reduces peak demand on that feeder can defer or eliminate the upgrade, avoiding capital 

expenditure that would otherwise be recovered through rates (Mims Frick et al., 2021). This 

 
3 A Community Choice Aggregator (CCA) is a local-government-authorized entity that procures generation 

on behalf of retail customers within its service area, while the host IOU continues to deliver power and administer 
billing. California CCAs operate under CPUC-approved delivery rates and export compensation rules. 

4 The Avoided Cost Calculator (ACC) is an E3-developed methodology used by the CPUC to produce an 
hourly value of distributed energy resources by utility territory. It sums energy, generation capacity, ancillary 
services, transmission and distribution capacity, avoided losses, flexible capacity, and greenhouse gas emission 
components into a single 8,760-hour export price vector per vintage year. 
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deferral value can be substantial on feeders where upgrades are immediate and the projected cost 

is high. The same DER installed on a feeder with surplus capacity provides little distribution 

benefit. To capture this locational value, some utilities procure DER as a substitute for 

conventional grid investment—an approach known as non-wires alternatives (NWAs). These 

programs solicit DER capacity in locations where the utility has identified a near-term 

infrastructure need. 

Solar generation displaces fossil fuel output, producing an environmental benefit that 

scales with the carbon intensity of the marginal unit displaced. During peak hours, marginal 

generators are often natural-gas combustion turbines with higher emissions per kilowatt-hour than 

baseload units running off-peak. Each kilowatt-hour displaced during these hours therefore avoids 

more carbon than one displaced during lighter-load periods. Some compensation structures 

recognize this environmental benefit as a distinct value component (New York State Energy 

Research and Development Authority [NYSERDA], 2024). Residential DERs can also provide 

ancillary services5 such as frequency regulation and voltage support. These functions require grid-

support inverter capabilities, fast-response battery storage, and enrollment in a utility or aggregator 

program. Not all residential systems meet these requirements. Ancillary service value depends on 

whether the DER is technically configured and contractually enabled to deliver. 

Battery storage provides resilience value at both the household and system levels. During 

outages caused by extreme weather or equipment failure, a household with storage can maintain 

essential loads for hours or days depending on battery capacity. These include refrigeration, 

medical equipment, and communications (Sun et al., 2025). Widespread distributed storage can 

also reduce aggregate demand during grid emergencies. The empirical magnitude of that system-

level effect remains uncertain at the residential scale. Backup power is a primary driver of 

residential solar-plus-storage adoption, alongside utility-bill savings (Gorman et al., 2025). Unlike 

the other value components above, resilience is difficult to price in economic terms. Its benefit 

 
5 PG&E's current E-ELEC schedule includes a partial-peak window at 3–4 pm and 9 pm–12 am that prices 

between peak and off-peak. A Base Services Charge replaces part of the volumetric rate beginning March 2026. The 
simulation used for this case study applies the two-period (peak/off-peak) structure and a flat $24 monthly fixed 
charge, consistent with the 2025 schedule and the CA_Workflow_Replicable.md specification (PG&E, 2026). 
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materializes during low-probability, high-consequence events whose frequency and severity are 

themselves uncertain. 

2.3 How Residential DERs Are Currently Compensated 

Residential DERs are compensated through two related mechanisms. The first is how 

exported electricity is credited. The second is how the retail tariff prices electricity the household 

still purchases from the grid. These two mechanisms interact, but most compensation designs 

emphasize export credit design over retail tariff reform (Zinaman et al., 2017). 

Net energy metering (NEM) credits allow exported electricity to offset grid purchases 

within a billing period, with monthly rollover and annual true-up6 under most NEM tariffs. A 

household sends excess solar generation to the grid during the day and uses that credit to offset 

consumption later in the month, typically at the full retail rate (Zinaman et al., 2017). NEM requires 

bi-directional metering but no interval-level timestamps, no real-time price signal, and no utility-

administered avoided-cost calculation. It treats all exported kilowatt-hours as equal in value 

regardless of when they are delivered. 

Net billing separates self-consumption from export compensation. On-site electricity 

consumption still offsets a grid purchase at the retail rate. Exported electricity is credited at a 

separate rate, usually lower than retail and closer to avoided cost (Zinaman et al., 2017). This 

design reduces the value of exports relative to self-consumption. Under net billing, the financial 

return on a residential system depends more on when electricity is used in the home. 

Retail rate design also shapes DER value independently of export credits. Under a time-of-

use (TOU) tariff, electricity is priced higher during designated peak periods and lower during off-

peak periods. For a solar-only household, generation during expensive hours offsets more costly 

purchases. For a solar-plus-battery household, TOU rates create an additional source of savings. 

The battery can charge during low-priced hours and discharge during peak hours, capturing the 

price differential net of round-trip efficiency losses. 

 
6 NYSERDA is the New York State Energy Research and Development Authority, a public benefit 

corporation that administers statewide clean-energy programs including the Value Stack Calculator and NY-Sun. 
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A demand charge bills for the highest rate of consumption during a billing period, measured 

in kilowatts (DOE, n.d.). It operates alongside an energy charge, which is billed based on total 

kilowatt-hours consumed. A household with an 8 kW peak demand facing a $10/kW charge would 

pay $80 per month for that component alone, regardless of total energy use. This design recovers 

the cost of grid infrastructure sized to serve peak load rather than cumulative energy throughput. 

For DER investment decisions, demand charges create an immediate economic case for battery 

storage. Reducing peak demand by even a few kilowatts lowers the monthly bill in a way that a 

flat volumetric rate does not reward (Darghouth et al., 2020). Demand charges have historically 

been standard for commercial and industrial customers and rare on residential rates. A small 

number of US utilities apply them to residential service, with Salt River Project in Arizona the 

most prominent example. Hledik et al. (2017) argue that broader residential demand charges could 

improve cost recovery under high DER penetration, and several utilities have since introduced opt-

in residential demand-charge tariffs. 

More advanced compensation designs tie export credits to system value. California’s net 

billing tariff (NBT), effective in 2023, replaced retail-rate crediting with hourly export values 

derived from the Avoided Cost Calculator (California Public Utilities Commission [CPUC], 2022). 

The calculator estimates marginal energy, capacity, and transmission costs for each hour of the 

year. New York’s Value of Distributed Energy Resources (VDER) tariff applies the same logic 

but unbundles the components. It compensates exports through separate credits for energy, 

capacity, environmental value, demand reduction, and locational system relief (NYSERDA, 2024). 

Demand reduction varies by utility service territory based on peak-hour capacity needs. Locational 

system relief is zonal, targeting capacity-constrained areas identified by each utility. It is the most 

locationally granular component in any existing residential DER tariff. Both designs move beyond 

NEM but are harder to administer and forecast from a household perspective. Most jurisdictions 

implementing these reforms have included grandfathering provisions to protect investments made 

under prior compensation terms. 

2.4 The Value-Compensation Gap 

Even with the reforms discussed above, no current rate structure recovers all the value 



 

 

17 

streams that residential DERs can provide. The underlying reason is structural. Compensation 

designs reduce distinct system services to a small number of billing variables, usually imported 

energy, exported energy, and sometimes peak demand (McLaren et al., 2015; Orrell et al., 2018). 

This reduction produces gaps in both directions. Services captured by these billing variables can 

be overvalued when the billing rate exceeds marginal system cost. Services not captured by any 

variable remain entirely uncompensated. 

In terms of energy value, reform has narrowed the gap. Under NEM, a retail-rate export 

credit bundles variable energy costs with fixed infrastructure recovery and policy surcharges, 

overvaluing exports during low-demand hours (Borenstein, 2017). Net billing and avoided-cost 

export rates correct this by tying compensation to the system’s marginal procurement cost. TOU 

rates add temporal differentiation on the consumption side, rewarding generation and dispatch 

during peak-priced periods. 

Capacity value is partially captured through demand charges and component-based 

capacity credits (NYSERDA, 2024). Distribution value is less well served. Most tariffs apply 

uniform compensation across a utility’s entire service territory, ignoring the locational variation in 

deferral value. A DER on a capacity-constrained feeder and one on a lightly loaded feeder receive 

the same credit. New York’s locational system relief value comes closest to correcting this. It 

varies by utility zone but still operates above the feeder level at which distribution upgrades are 

actually planned (Mims Frick et al., 2021). 

Environmental value is compensated explicitly in only a small number of jurisdictions. 

New York’s VDER Environmental Value component credits exports at a rate tied to the Regional 

Greenhouse Gas Initiative allowance price (NYSERDA, 2024). Most other tariffs make no 

distinction between carbon-displacing and carbon-neutral kilowatt-hours. TOU rates provide an 

implicit signal because peak hours often coincide with higher marginal emission rates, but the 

signal is weak and is not calibrated to actual emission displacement. Social cost of carbon estimates 

used in regulatory proceedings typically exceed compliance-based prices such as RGGI. Even 

explicit compensation mechanisms therefore undervalue the environmental benefit (Borenstein & 

Bushnell, 2022). 
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The widest gap is in flexibility, dispatch-dependent services, and resilience. A battery 

dispatched for self-consumption reduces the household’s grid purchases but may contribute little 

during peak stress events. Forrester et al. (2022) find that self-consumption-optimized batteries 

often sit idle on peak days and produce minimal grid value. The household is rewarded because 

the tariff values avoided purchases, not because the battery responds when the system needs it. 

Ancillary services such as frequency regulation and distribution peak shaving fall outside retail 

tariff design entirely and are governed by wholesale market rules that most residential customers 

cannot access (Hledik et al., 2019). Resilience follows the same pattern. It is a primary driver of 

residential solar-plus-storage adoption (Gorman et al., 2025), and regulators have identified it as a 

value that should be incorporated into DER planning (Mims Frick et al., 2021). No current rate 

structure or market mechanism compensates it. 

2.5 Consequences of Misalignment 

The value-compensation gap arises in two directions. Over-compensation occurs when 

compensation exceeds the marginal grid value of a kilowatt-hour delivered or service provided, 

producing cross-subsidies from non-DER customers (Borenstein, 2017; Borenstein & Bushnell, 

2022). Under-compensation occurs when compensation falls below marginal value, suppressing 

DER adoption below the efficient level and underrewarding storage dispatch, locational injection, 

and other grid services. Both directions appear in current US tariffs, sometimes within the same 

regime applied to different system configurations or different hours of the day. The consequences 

below trace each direction through cost shifts, investment distortions, transition costs, and 

distributional outcomes. 

Over-compensation creates a cost shift between DER adopters and non-adopters. Under 

NEM, DER customers reduce their volumetric purchases but continue to rely on grid infrastructure 

sized to serve their peak demand. Fixed infrastructure costs are recovered through volumetric rates, 

so reduced purchases mean reduced contributions to shared costs (Borenstein, 2017). Retail rates 

already diverge from marginal cost, so the magnitude of any NEM-induced cost shift depends on 

both the retail-rate markup and the missing carbon externality (Borenstein & Bushnell, 2022). 

Reported magnitudes vary with methodology and grow with retail rate inflation (Wiser et al., 2025). 



 

 

19 

The burden falls disproportionately on renters, low-income⁵ customers, and residents of 

multifamily housing, who are least represented in the adopter base (Forrester et al., 2023). 

Misaligned compensation distorts DER investment choices in direction-dependent ways. 

Under NEM, exports earn the retail rate above marginal grid value, so the rational investment 

under this over-compensation is a solar-only system sized to maximize annual energy offset. NEM 

offers no financial incentive to add storage for hour-shifting, leaving storage services under-

compensated. Batteries that are installed dispatch for household self-consumption rather than grid-

facing value (Forrester et al., 2022). Net billing and other hourly-compensation tariffs widen the 

gap between the retail rate and the export credit, applying under-compensation to solar-only 

exports while giving storage explicit arbitrage value. Storage attachment in California rose from 

roughly 10% under NEM to 60% in the first year under the net billing tariff (Barbose, 2024). 

Dispatch shifted toward hours of system need (Gorman et al., 2025). 

Rate reform that shifts a tariff between over- and under-compensation imposes transition 

costs on households and installers. California’s shift to the net billing tariff extended payback 

periods for residential solar and triggered measurable market adjustment within the first year 

(Barbose, 2024). Once the pre-transition backlog of NEM applications cleared, monthly installs 

under the new tariff averaged roughly 60% of pre-transition levels. Median residential PV system 

sizes fell between 9% and 17% depending on configuration. Median installed prices for paired PV-

plus-storage systems rose 17% as installer capacity and supply chains failed to keep pace with the 

shift in demand. Installer market share concentrated, with the top five installers moving from 40% 

of the California market to 51%. Grandfathering provisions shield households that transacted under 

prior terms but do not mitigate disruption to the installer base. 

The distributional outcome of rate reform depends on what policies surround it. Reform in 

isolation raises the hurdle for LMI adoption by reducing bill savings. Reform paired with targeted 

supports behaves differently. Under California’s net billing tariff, adoption shifted toward lower-

income zip codes (Barbose, 2024). The shift was driven by transitional low-income export-credit 

adders, DAC-SASH⁶ and SGIP⁷ buy-downs, a Title 24⁸ new-home mandate, and third-party 

ownership⁹ rising from 24% to 44%. Where LMI households adopt, outcomes are favorable. 
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Rooftop solar reduces median energy burden from 7.7% to 6.2% for low-income adopters and 

produces measurable declines in indicators of energy insecurity (Forrester et al., 2024; Yozwiak 

et al., 2025). Incentives and financing mechanisms, covered in Chapter 3, determine the 

distributional outcome. These consequences define the criteria for assessing any rate structure. 

 

Footnotes 

⁵ Low-income: household income at or below 80% of area median income (AMI). 

Moderate-income: 80% to 120% AMI. Low-to-moderate income (LMI) combines both. 

⁶ DAC-SASH: Disadvantaged Communities Single-family Solar Homes, a California 

program providing no-cost rooftop solar to qualifying low-income households in disadvantaged 

communities. 

⁷ SGIP: Self-Generation Incentive Program, a California program that rebates behind-the-

meter storage with enhanced payments for low-income and vulnerable customers. 

⁸ Title 24: California Building Standards Code, which since 2020 has required rooftop solar 

on most new single-family and multifamily construction. 

 

Chapter 3: Incentive Programs and Financing Mechanisms 

3.1 Why Financing and Incentives Matter for Residential DER Adoption 

Whether a household can invest in a residential DER system also depends on incentive 

programs, financing access, and structural eligibility. A residential solar system typically costs 

between $25,000 and $45,000 before incentives, a range consistent with the interquartile band of 

U.S. residential installations in 2022–2023 (Barbose et al., 2025). That investment returns value 

over time through bill savings and export credits. Bridging that gap requires more than a favorable 

tariff. Federal and state incentive programs can reduce the upfront cost, and a range of financing 

mechanisms can spread the remainder over time. However, these tools vary in who they reach and 
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what barriers they leave unaddressed. This chapter describes the incentive programs and financing 

mechanisms currently available, identifies the gaps in access they produce, and proposes the design 

principles that more effective programs should follow. These factors also interact with rate design. 

A production-based incentive that pays per kilowatt-hour generated is worth more under a tariff 

with high peak-period prices. A financing program that channels repayment through the utility bill 

produces different outcomes under a volumetric rate than under a demand charge. 

3.2 How Current Incentive Programs Work 

Incentive programs reduce the effective cost of a residential DER system. They fall into 

three categories based on how they deliver value. Each category addresses a different aspect of the 

cost barrier and reaches different households. 

Investment-based incentives reduce cost as a percentage of the total amount spent on the 

system. The federal Investment Tax Credit has been the dominant example. Homeowners who 

own their systems claim the credit under Section 25D of the Internal Revenue Code as a 

nonrefundable credit against federal income tax liability (IRS, 2024). Third-party developers who 

own residential systems under leases or power purchase agreements claim the credit under Section 

48E, the commercial clean-energy ITC (IRS, 2024). The Inflation Reduction Act of 2022 extended 

both tracks at 30% through 2032. The IRA also introduced adders for low-income, domestic-

content, and energy-community qualifying installations that can raise the effective credit to as 

much as 50% under Section 48E (IRS, 2024). The One, Big, Beautiful Bill Act (P.L. 119-21), 

signed on July 4, 2025, ended the Section 25D residential credit for expenditures after December 

31, 2025. Section 48E remains available for residential TPO projects but only for installations that 

begin construction by July 4, 2026 and are placed in service by December 31, 2027. Even before 

the phase-out, Section 25D’s design limited its reach. Because the credit offset tax liability rather 

than providing a direct payment, its value depended on the household’s tax burden. A household 

with a $5,000 federal tax liability installing a $30,000 system could claim only $5,000 of the 

$9,000 credit in the first year, carrying forward the balance. Investment-based incentives are 

effective at reducing upfront cost for households that can claim them, but they are inherently 

regressive when structured as nonrefundable tax credits (Borenstein, 2017). 
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Capacity-based incentives pay a fixed amount per unit of installed capacity, typically 

denominated in dollars per watt or dollars per kilowatt-hour of storage. California’s Self-

Generation Incentive Program, for example, provides rebates based on the storage capacity of a 

battery system (CPUC, 2025). New York’s NY-Sun program uses a declining block structure that 

pays a per-watt incentive for solar installations, with the rate decreasing as cumulative capacity in 

each utility territory grows. Capacity-based programs deliver value at the point of installation, 

making them administratively simpler than production-based alternatives. Their limitation is that 

they reward system size rather than performance. A poorly oriented solar array and a well-oriented 

one receive the same rebate if both are the same nameplate capacity. 

Production-based incentives pay per unit of electricity actually generated over time. In 

states with solar carve-outs in their renewable portfolio standards, each megawatt-hour of 

residential solar generation creates a solar renewable energy certificate that the system owner can 

sell in a compliance market (EPA, 2024). Because payment depends on output, production-based 

incentives reward system performance and penalize underperformance. They also improve project 

cash flow over the system’s operating life rather than reducing the upfront cost. The trade-off is 

that they do not help a household overcome the initial capital barrier, and their value can be volatile 

because certificate prices fluctuate with market supply and regulatory changes. Chapter 4 examines 

specific state-level incentive designs in detail. 

3.3 How Current Financing Mechanisms Work 

Financing mechanisms restructure how and when a household pays for a DER system. 

Where incentive programs reduce the total cost, financing determines who bears the investment 

risk, how repayment is collected, and whether the obligation follows the customer or the property. 

Solar loans are the most common financing product for residential DER systems. The 

homeowner borrows the full installed cost after incentives and repays over 10 to 25 years at a fixed 

or variable interest rate. Because the homeowner owns the system, they can claim any available 

tax credits directly. Solar lenders underwrite primarily toward borrowers with prime credit scores. 

NREL analysis of solar-loan portfolios documented that 76% to 88% of approved borrowers held 

credit scores of 720 or higher, while only 3% to 11% fell at or below 680 (Schwabe and Feldman, 
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2018). Borrowers outside the prime segment face significantly higher interest rates or outright 

denial. Loan-financed systems also carry dealer fees that can add 5% to 50% to the reported 

installed price, inflating the total cost the borrower repays relative to the underlying equipment 

and labor expense (Barbose et al., 2024). Home equity lines of credit offer an alternative borrowing 

channel at lower interest rates, but they require sufficient equity in the property. 

Third-party ownership (TPO) shifts the investment from the household to a developer, who 

owns the system and sells the output to the host customer through a lease or power purchase 

agreement. Under a lease, the customer pays a fixed monthly amount. Under a PPA, the customer 

pays a per-kilowatt-hour rate for the electricity the system produces. TPO drove early residential 

solar growth, accounting for roughly 60% of installations in 2012, but the share had fallen to 27% 

by 2023 (Barbose et al., 2024). The decline reflects both the expansion of solar loan products and 

the structure of TPO contracts themselves. These agreements include annual payment escalators 

as a standard feature of both lease and PPA formats (Sunrun, 2025). NREL has documented 

commercial-sector PPA escalators in the 0.5%–2.0% range (Feldman and Margolis, 2014). At a 

2% escalator across a 25-year term, the customer’s payment compounds by roughly 64% over the 

contract life, eroding the savings advertised at enrollment. Because the developer owns the system, 

the developer captures available tax credits and depreciation benefits. The household avoids 

upfront cost but also forgoes the long-term economic upside of ownership. TPO providers apply 

similar underwriting criteria, broadening access relative to large upfront purchases without 

eliminating the credit barrier. 

Property Assessed Clean Energy, or PACE, financing allows homeowners to fund a DER 

installation through a voluntary assessment added to their property tax bill. The property owner 

repays over 10 to 25 years through an additional line item on their annual tax bill. Because the 

obligation is secured by the property rather than the borrower’s personal credit, PACE programs 

can serve households with lower credit scores. The assessment also transfers automatically upon 

sale, so the buyer inherits both the payments and the system. However, PACE liens take priority 

over mortgage debt in many jurisdictions, which led the Federal Housing Finance Agency to 

restrict PACE in 2010 on the grounds that it posed a risk to mortgage lenders (FHFA, 2010). 

Consumer protection concerns about aggressive sales practices have further limited expansion. 
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Residential PACE remains concentrated in a handful of states. 

On-bill financing uses the utility bill as the repayment channel. A utility or third-party 

lender funds the installation, and the customer repays through a fixed monthly charge on their 

electricity bill. Because the utility has direct access to the customer’s payment history, these 

programs can underwrite based on utility bill repayment records rather than credit scores, 

broadening eligibility. A structurally distinct variant is tariffed on-bill financing, sometimes called 

Pay As You Save, or PAYS. Under this model, the utility recovers the installation cost through a 

tariffed charge attached to the meter rather than a loan attached to the customer. If the customer 

moves, the charge transfers to the next occupant. The tariffed charge is designed to be less than 

the expected bill savings, so that every occupant benefits from the system regardless of who 

initiated the installation (Hummel & Lachman, 2018). A landlord can authorize the installation 

knowing that the repayment obligation will be borne by whoever occupies the unit and benefits 

from the lower bills. As of 2023, 30 U.S. utilities had implemented or were implementing tariffed 

on-bill programs, concentrated in rural electric cooperatives across the Southeast and Midwest 

(DOE Better Buildings, 2023). The National Consumer Law Center has documented several 

consumer-protection concerns with these programs (Haynes, 2023). The issue brief cites service 

disconnection as an enforcement tool, the absence of a guarantee that projected savings will be 

realized, and the risk of predatory marketing by contractors whose financial incentives are tied to 

enrollment. 

Community solar, while not strictly a financing mechanism, lowers specific cost barriers 

that solar loans and TPO cannot address. It is a subscription model in which customers benefit 

from solar generation without installing equipment on their own property. Subscribers purchase or 

lease a share of a centrally sited solar project and receive bill credits proportional to their allocation. 

It removes the need for suitable rooftop access and the need for individual credit underwriting to 

support a system-sized obligation. Cumulative community solar capacity exceeded 7 GW across 

more than 40 states by the end of 2024 (SEIA, 2025). Several states have established low-income 

participation requirements. However, the model introduces its own challenges. Subscriber 

acquisition costs are high, participant turnover creates revenue uncertainty for project developers, 

and low-income enrollment targets have proven difficult to meet due to outreach and 
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administrative barriers. 

On the capital markets side, securitization has helped scale DER financing by bundling 

residential solar loans or lease receivables into tradable instruments. Cumulative issuance has 

exceeded $20 billion since the first residential solar securitization in 2013 (Mormann, 2024). By 

connecting distributed solar cash flows to institutional investors, securitization has reduced 

borrowing costs for solar loan originators. Its benefits, however, flow primarily to borrowers who 

already qualify for conventional financing. The underlying assets remain individual loans or leases 

underwritten on household credit. Securitization lowers the cost of DER financing without 

broadening its reach. 

3.4 The Financing and Access Gap 

The incentive programs and financing mechanisms described in Sections 3.2 and 3.3 have 

expanded access to residential DER adoption, but significant gaps remain. The dominant financing 

products are solar loans, home equity lines of credit, and third-party ownership. All three apply 

credit-based underwriting, and borrowers outside the prime segment face higher interest rates or 

outright denial. These below-threshold segments disproportionately comprise the populations for 

which residential bill relief would be most consequential. Urban Institute analysis of U.S. credit 

bureau data reports a national median credit score of 621 in predominantly nonwhite 

neighborhoods, compared with 697 in predominantly white neighborhoods (Ratcliffe and Brown, 

2017). The nonwhite-neighborhood median sits at the CFPB’s subprime boundary, below the 

prime segment that absorbs the bulk of solar-loan originations. Federal Reserve analysis of credit-

bureau data finds that credit scores are widely dispersed within every income group, with the 

Pearson correlation between income and credit score estimated at approximately 0.27 to 0.29 

depending on specification (Beer, Ionescu, and Li, 2018). Credit-based underwriting therefore 

produces exclusion that extends beyond a repayment-risk filter and tracks demographic patterns 

rather than income alone. Alternative mechanisms like PACE, on-bill financing, and community 

solar broaden household eligibility in different ways, but none has achieved the scale of solar loans 

or TPO. The underlying mismatch persists. 

A second gap arises from the split-incentive problem in rental housing. Renters make up 
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roughly 36% of U.S. households (U.S. Census Bureau, 2023). The landlord owns the roof and 

controls capital improvements. The tenant pays the electric bill and receives any bill savings. 

Neither party alone has the full incentive to install a system. Tariffed on-bill financing addresses 

this mismatch by attaching the repayment obligation to the meter rather than to either party. As of 

2023 only 30 U.S. utilities had implemented or were implementing such programs (DOE Better 

Buildings, 2023). 

Multifamily buildings, which account for roughly 27% of U.S. housing units, compound 

the split-incentive problem with physical and tariff barriers (U.S. Census Bureau, 2023). A single 

rooftop array serving dozens of separately metered units does not fit the one-meter-per-premise 

assumption built into most standard volumetric tariffs. Virtual net metering, which some states 

have adopted to allocate generation credits across multiple meters within a single building, remains 

unavailable in most jurisdictions. Per-unit roof area in a low-rise multifamily building is also a 

fraction of what is available on a detached single-family home, so on-site solar cannot offset more 

than a portion of the building’s aggregate consumption. 

These gaps fall disproportionately on the same households. The median income of renter 

households is approximately $41,000, compared to $78,000 for owner-occupied households (U.S. 

Census Bureau, 2023). Renters are also more likely to live in multifamily buildings. The credit 

barriers, tenure constraints, and building-type limitations described above overlap in practice and 

reinforce each other. The adoption data reflect this compounding. Rooftop solar is overwhelmingly 

installed on detached single-family homes, and the median income of adopter households in 2023 

was approximately $115,000 (Barbose et al., 2024; Forrester et al., 2024). That figure exceeds not 

only the national median but the median for homeowners, indicating that even among the 

population structurally eligible for rooftop solar, adoption skews toward the upper end of the 

income distribution. 
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Chapter 4: State Case Studies 

4.1 Research Design and Common Methodology 

4.2 North Carolina 

A. Regulatory Environment and Utility Structure 
North Carolina governs residential DER compensation through a vertically integrated 

monopoly structure supervised by the North Carolina Utilities Commission (NCUC).¹ Two 

investor-owned Duke Energy subsidiaries, Duke Energy Carolinas (DEC) and Duke Energy 

Progress (DEP), supply most of the state’s retail electricity demand. Electric cooperatives served 

through North Carolina Electric Membership Corporation and municipal utilities served through 

ElectriCities of North Carolina cover the remainder and fall outside NCUC rate-design jurisdiction. 

Rates, riders, and pilot programs in the Duke territory are set through docketed proceedings before 

the NCUC, typically initiated by Duke tariff filings and shaped by interventions from the Public 

Staff, the Attorney General, and the rooftop solar industry. The state hosts among the largest 

utility-scale solar fleets in the country, but distributed residential PV has not grown at a comparable 

pace, so policy design choices on the residential side carry an outsized effect on household 

adoption economics. 

The current DER compensation framework originates in a 2023 NCUC rate-design 

proceeding. The Commission closed the legacy 1:1 retail net energy metering tariff to new 

residential interconnections on October 1, 2023, through orders in Docket E-7 Sub 1214 / E-2 Sub 

1219 (North Carolina Utilities Commission, 2023). Customers with pre-October 2023 

interconnection requests retain legacy terms through December 31, 2026, after which they 

transition to a successor rider. Two successor options replaced legacy NEM. Rider NMB (Net 

Metering Bridge) is a transitional net-billing rider that keeps flat retail energy pricing on 

consumption but compensates exports at avoided cost. Rider RSC (Residential Solar Choice) is 

the long-term successor, combining a three-period time-of-use schedule with a critical peak pricing 

overlay. Customers on Rider NMB remain eligible for up to 15 years from the interconnection date 

before moving to RSC or a then-current tariff. 
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Duke’s incentive architecture is tied to the same dockets that closed legacy NEM. The 

NCUC approved the PowerPair pilot in January 2024 in Docket E-7 Sub 1276, and Duke launched 

enrollment in May 2024 (North Carolina Utilities Commission, 2024). The program caps 

combined enrollment at 60 MW of installed solar capacity, split evenly between DEC and DEP at 

30 MW each (Duke Energy, 2024). At maximum eligible system size the cap accommodates 

roughly 6,000 households. PowerPair enrollees choose one of two cohorts at the time of 

application, and the cohort selection determines both the successor rate track and the level of utility 

control over the household battery. Cohort A households take service on Rider RSC and retain full 

dispatch control over the battery (Duke Energy, 2025a). Cohort B households take service on Rider 

NMB and enroll the battery in the EnergyWise Home Battery Control program, ceding dispatch 

authority to Duke in exchange for a monthly availability credit (Duke Energy, 2025b). Enrollment 

runs first-come, first-served, and the DEP Cohort B allocation reached capacity by late 2025 (Duke 

Energy, 2025a). 

Load growth has reshaped the policy backdrop. Duke’s 2025 Carolinas Resource Plan 

supplemental analysis identifies advanced-development load additions driven by large-customer 

and data-center interconnection requests, prompting the utility to propose new baseload generation 

(Duke Energy, 2025c). Senate Bill 266, enacted over a gubernatorial veto on July 29, 2025, 

authorized construction-work-in-progress cost recovery for that baseload generation and shifted 

construction risk onto ratepayers (North Carolina General Assembly, 2025). The same resource 

plan reopens questions about where distributed resources fit in the state’s supply mix. Large blocks 

of firm capacity built under CWIP recovery will further dilute the marginal avoided-cost 

component that drives residential export pricing. 

The combination positions North Carolina as a transitional regime. Legacy retail NEM has 

closed, two successor tariffs operate side by side, and a capped pilot bridges the period during 

which the long-term rate is still bedding in. The compensation framework has moved away from 

1:1 retail compensation, but neither successor rider applies time- or location-varying prices to 

exports. Rider RSC introduces three-period time-of-use pricing on consumption. Both riders credit 

exports at a uniform 3.4 ¢/kWh avoided-cost rate regardless of hour or zone. The PowerPair pilot 

reduces the upfront cost of adoption rather than changing the export price, so the weak export price 
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signal remains in place. 

B. Compensation Mechanisms 
Three rate tracks govern residential customers on both Duke Energy Carolinas (DEC) and 

Duke Energy Progress (DEP) today. Schedule RS is the flat non-DER residential tariff and remains 

the billing baseline for households without rooftop solar. Rider NMB applies to new solar 

customers who elect the bridge option. Rider RSC applies to new solar customers who elect the 

long-term time-of-use structure. Both riders were approved in the same NCUC proceeding (Docket 

E-7 Sub 1214 / E-2 Sub 1219) and share the same structural design across DEC and DEP. The 

numerical tariff values shown below are DEC’s published schedules, which the model uses as a 

proxy for DEP because DEP’s specific residential tariff values were not in the public docket at the 

time of modeling. Structural parameters (TOU periods, avoided-cost export rate, fixed charge 

category) are identical between the two utilities under the same NCUC orders. A non-DER 

household on Schedule RS pays 12.76¢/kWh volumetric and a $14/month customer charge (Duke 

Energy Carolinas, 2024a). 

Rider NMB retains the Schedule RS volumetric rate on consumption and credits exports at 

the utility’s Net Excess Energy Credit rate of approximately 3.4¢/kWh, set to match avoided 

energy cost (Duke Energy Carolinas, 2024b). The fixed charge carries over at $14/month. Rider 

NMB does not require a time-of-use schedule and therefore sends no hourly price signal. An export 

kilowatt-hour is worth 27% of a consumed kilowatt-hour, which is among the lowest retention 

ratios in the country. A household remains on Rider NMB for up to 15 years before moving to 

Rider RSC or a successor. 

Rider RSC replaces the flat energy charge with a three-period time-of-use schedule. The 

model applies a single 2:00–8:00 pm weekday on-peak window at 17.62¢/kWh; off-peak hours 

run 8.34¢/kWh; discount hours run 11:00 pm–6:00 am at 5.89¢/kWh (Duke Energy Carolinas, 

2024c). Duke’s as-filed Rider RSC schedule has distinct summer (May–September, 6–9 pm) and 

winter (October–April, 6–9 am) on-peak periods; the simplified single window used here is a 

modeling proxy. Quantifying the NPV sensitivity to the full seasonal structure is identified as 

scope-limited future work. Exports are credited at the same 3.4¢/kWh avoided-cost rate. A critical 
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peak pricing overlay (CPP) lets Duke declare a limited number of critical event hours each year 

during which on-peak energy prices escalate further.² The rider retains the $14/month customer 

charge and applies a minimum-bill floor and non-bypassable rider components that recover fixed 

system costs even when a system’s output cancels most volumetric consumption. A grid-access 

charge applies to systems larger than 15 kW-AC. 

The temporal structure changes the economics of solar and storage. Rooftop solar in North 

Carolina produces most of its output between 9:00 am and 4:00 pm, which on Rider RSC falls into 

the off-peak window or, late-night, the discount window. Direct consumption offset earns credit 

at off-peak rates; excess output credits at the same 3.4¢/kWh export rate as on Rider NMB. A 

battery shifts this picture by holding midday output and discharging during the 2:00–8:00 pm on-

peak window, capturing the 9.3¢/kWh spread between on-peak and off-peak prices. The design 

therefore penalizes solar-only on Rider RSC and rewards solar-plus-storage on the same rider. It 

does not vary export price by hour or location, so exported kilowatt-hours earn the same 3.4¢/kWh 

rate regardless of grid conditions. 

C. Incentives and Financing Conditions 
The incentive stack available to a North Carolina household fits inside a tight envelope. 

North Carolina does not offer a state solar tax credit (Database of State Incentives for Renewables 

& Efficiency, 2025). State law exempts 80% of the appraised added value of a residential solar 

installation from local property-tax assessment (North Carolina General Statutes § 105-275(45)). 

The NC Renewable Energy Tracking System issues renewable energy certificates, but residential 

REC values trade at effectively zero in current markets. 

Two Duke Energy programs supply the only material cash incentives. The PowerPair pilot 

provides one-time upfront rebates that flow through the installer at the time of interconnection 

(Duke Energy, 2025a). The solar component pays $0.36 per watt-AC up to $3,600. The battery 

component pays $400 per kilowatt-hour up to $5,400. Combined incentives are capped at $9,000 

per customer. PowerPair requires a paired battery, so a solar-only household is ineligible. 

Enrollment runs first-come, first-served against the 60 MW solar-capacity cap, with 30 MW 

allocated to each utility (Duke Energy, 2024). The cohort A and cohort B tracks defined in Section 
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A determine which successor rider applies and whether the battery operates under customer or 

utility control. 

EnergyWise Home Battery Control pays Cohort B households a monthly bill credit of 

$6.50 per kilowatt of battery discharge capacity, multiplied by a capability factor of 70.9% (Duke 

Energy, 2025b). A 5 kW battery receives approximately $277 per year.³ Duke dispatches the 

battery during system-peak events up to 30–36 times per year and maintains a 20% minimum state 

of charge. No stated end date limits the annual credit stream, but the program is classified as a pilot 

and the credit formula could be revised in a future proceeding. The incentive pays for dispatch 

availability rather than energy delivered, so the credit stream is independent of how many peak 

events occur in a given year. 

D. Scenario Results 
Six configurations are modeled for the representative Raleigh household defined in Section 

4.1. They cross two rate tracks (Rider NMB and Rider RSC) with three realistic configuration-

incentive combinations. The three combinations are solar-only with no incentive (PowerPair 

requires a paired battery and no other NC program offsets a solar-only installation), PV+Storage 

without incentives, and PV+Storage with the full PowerPair + EnergyWise stack. Modeled load is 

14,647 kWh per year from the ResStock North Carolina aggregate profile. All dollar figures use 

2026-dollar inputs from Sun et al. (2025). Each rate track uses its own non-DER baseline for bill-

savings calculation. Rider NMB customers are billed under Schedule RS flat rate, so their baseline 

is $2,037 per year. Rider RSC customers are billed under the TOU weighted average, so their 

baseline is $1,473 per year. The $564 difference between the two rate-track baselines is a model 

artifact rather than an estimate of bill savings Duke Energy expects a representative household to 

realize from voluntarily switching to TOU. Duke’s residential TOU rates target revenue neutrality 

at the customer-class level for non-DER households, so a household whose consumption skews to 

on-peak hours would pay similar or more under Rider RSC than under Schedule RS. The modeled 

$564 gap reflects two simplifications. First, the model uses a wider 2 pm to 8 pm on-peak window 

than Duke’s as-filed seasonal periods. Second, the baseline calculation does not fully represent 

Rider RSC’s minimum-bill floor and non-bypassable rider components. The cross-track NPV 
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comparisons in Table 4.2.D1 therefore combine genuine DER value differences with this baseline 

migration effect. Table 4.2.D1 reports the 25-year NPV and simple payback for each configuration; 

Table 4.2.D2 decomposes Year 1 cash flow for the flagship configuration. System sizing, 

PowerPair components, and EnergyWise terms are stated in Section C above. 

Every modeled configuration produces negative 25-year NPV at current installed costs and 

the 3.4¢/kWh export rate. The incentive stack closes most of the gap but does not flip the sign. 

Three numerical patterns stand out in Table 4.2.D1. The full PowerPair and EnergyWise stack 

raises PV+Storage NPV by $11,481 on each rate track. The NMB-to-RSC gap is $3,498 on solar-

only and $3,208 on PV+Storage. Pairing a 13.5 kWh battery with 5.77 kW of PV adds $39 in Year 

1 bill savings on Rider NMB and $58 on Rider RSC, because the flat 3.4¢/kWh export rate prices 

stored output at the same rate as direct exports. 

Simple payback for PV+Storage without incentives exceeds the 25-year loan term on both 

rate tracks. Sources: NC_financial_summary.json; NC_pysam_results_v3.json. 

The flagship configuration is the lowest-NPV realistic pathway on Rider NMB: 

PV+Storage with the full PowerPair + EnergyWise stack. Gross system cost is $33,930 and 

PowerPair reduces the financed principal to $26,453. The 25-year loan at 7.24% sets a fixed annual 

debt service of $2,319. Table 4.2.D2 walks the Year 1 components. Bill savings cover 33.7% of 

debt service, and the EnergyWise availability credit covers another 11.9%, leaving a Year 1 cash 

gap of $1,261. 

Table 4.2.D2. Year 1 cash flow decomposition (flagship: Rider NMB, PV+Storage, 

PowerPair full + EnergyWise). 

Component 

Annual amount 

($) 

Share of loan 

payment 

Bill without system (Schedule 

RS baseline) 

2,036.92 — 

Bill with system 1,256.10 — 
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Gross bill savings 780.82 33.7% 

EnergyWise availability credit 277.00 11.9% 

Loan payment (principal + 

interest) 

2,319.00 100.0% 

Net Year 1 cash flow −1,261.35 −54.4% 

Values from NC_pysam_results_v3.json and NC_financial_summary.json. The underlying 

PySAM simulation produces 8,760 hourly bill, generation, and dispatch points. Annual rollups are 

shown here because the model applies a single on-peak period rather than Duke’s as-filed summer 

and winter periods, and EnergyWise pays for availability rather than delivery, so month-to-month 

variation in the modeled economic cash flow is small. 

4.3 Massachusetts 

A. Regulatory Environment and Utility Structure 
Massachusetts has one of the most mature DER markets in the United States, anchored by 

high solar penetration, with roughly 5.63 GW of installed solar capacity, and an increasingly 

flexible evolution toward storage and managed load (SEIA, 2026). Unlike states where solar 

growth is dominated by utility scale, Massachusetts’ solar growth is primarily BTM¹ and 

connected to distribution. According to the EIA, small-scale PV accounted for about two-thirds of 

Massachusetts’ total solar electricity generation in 2024 (EIA, 2025). Institutionally, 

Massachusetts resides in a restructured market, where ISO-NE² administers competitive wholesale 

markets and system operations, while retail customers interconnect and receive distribution service 

through regulated electric distribution companies. In Massachusetts, these services are dominated 

by Eversource, National Grid, and Unitil, together shaping how DERs are compensated and 

integrated at the grid edge. 

Massachusetts’ DER landscape is supported by policy frameworks that combine long-term 

solar incentives, retail crediting for customer site generation, and performance signals that reward 

delivery during peak hours. The state’s primary solar incentive mechanism is the SMART program, 

which provides tariff-based compensation designed to sustain distributed solar deployment. At 
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retail level, net metering continues to shape project economics by allowing eligible customer 

systems to receive bill credits for exported electricity under defined program rules and caps. In 

parallel, Massachusetts increasingly emphasizes timely energy delivery, rendering the introduction 

of the Clean Peak Energy Standard³ that provides an incentive structure for clean resources. The 

standard targets storage and flexible demand and aims to supply electricity or reduce load during 

peak periods, reinforcing the shift toward DERs that can provide reliable system value at critical 

hours. 

DER in Massachusetts is transitioning from a bill-saving mechanism to a dependable peak 

capacity tool. The strongest signal of this transition is the rise of VPP compensation, such as Mass 

Save ConnectedSolutions⁴, which pays battery owners based on performance during summer peak 

events (Mass Save, 2026). Such compensation aligns DER with ISO-NE system needs, from peak 

reduction to reliability, complementing Clean Peak compliance pathways. Massachusetts’ next 

phase is about making DERs easy to interconnect, predictable to operate, and reliably compensated 

for the grid services they provide. 

Two active regulatory proceedings frame the 2026 policy window. The SMART 3.0 tariff 

was filed by the electric distribution companies in November 2025 and remains pending DPU 

review under Docket 25-175.⁵ In January 2026, the DPU opened Docket 25-200 to investigate 

possible reductions to the value of the net metering credit, signaling that the retail-rate floor itself 

is now under review (DPU, 2026). Both proceedings position Massachusetts as a transitional case. 

Retail NEM at the volumetric rate remains the baseline compensation instrument, but its long-term 

value is no longer institutionally fixed. 

B. Compensation Mechanisms 
Massachusetts’ DER rate structure has evolved from focusing on volumetric bill crediting 

toward emphasizing time-sensitive system value and performance-based compensation. 

Historically, the core customer economics for distributed PV were shaped by net metering, under 

which eligible facilities receive bill credits for exported generation that roll over across billing 

periods under program rules and caps (Mass.gov, 2026a). As PV adoption increased and 

constraints on the distribution level became more salient, Massachusetts expanded the set of tariff 
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pathways that decouple customer compensation from traditional net metering eligibility. For 

instance, the SMART program introduced the AOBC mechanism⁶ to allow projects that cannot 

receive net metering credits to assign bill credits through an administratively defined alternative 

crediting structure (DOER, 2024). With the transition to SMART 3.0, the Commonwealth 

reaffirmed tariff-based compensation as the primary instrument for distributed solar, updating 

design elements to better align incentives with current market conditions and system needs (DOER, 

2026). 

More recently, Massachusetts’ rate design has shifted toward value-by-timing mechanisms, 

creating stronger price signals for load shifting, electrification, and dispatchable DER operation. 

The state also highlights policy emphasis on TOU rate design, reflecting the view that static 

volumetric rates are increasingly misaligned with peak-driven system costs (DPU, 2023). Utilities 

now have also moved toward targeted, usage-shaping retail rates that explicitly link customer cost 

recovery to electrification and peak management objectives (Mass.gov, 2025). On the other hand, 

the compensation stack for DERs has expanded beyond the retail bill by including grid services 

payments that reward contribution during constrained hours. These shifts indicate a clear policy 

and regulatory direction of moving from DER compensation dominated by export crediting toward 

a more granular structure wherein DER value is determined by when and how reliably resources 

reduce peaks and support distribution and system reliability (Mass Save, 2026). 

Current residential rates anchor the model inputs used in Subsection D. The Eversource R-

1 tariff effective February 2026 charges 24.96 ¢/kWh for combined supply and delivery, with a 

$7.50 monthly customer charge (Eversource, 2026). The National Grid R-1 tariff charges 

36.03 ¢/kWh with a $10.00 monthly customer charge (National Grid, 2026). The effective NEM 

export credit is slightly below the volumetric retail rate in both territories because the Net Metering 

Recovery Surcharge and Distributed Solar Charge are non-bypassable⁷ and do not credit back on 

export, yielding approximately 23.75 ¢/kWh at Eversource and 33.58 ¢/kWh at National Grid. 

Systems at or below 25 kW AC are cap-exempt following the DPU’s March 2024 expansion from 

the prior 10 kW threshold (DPU, 2024). TOU rates are available as opt-in offerings from both 

utilities, but uptake among residential customers is low and flat R-1 remains the default. Illustrative 

future TOU rates prepared for the DPU’s long-term ratemaking investigation (E3, 2025) inform 



 

 

36 

the export-side sensitivity analysis in Subsection D. 

Table 4.3.B1. Rate Schedule Summary (Massachusetts, 2026). 

Rate 

Track 

Volume

tric Rate 

Export 

Rate 

T

OU 

Periods 

Fixed 

/ Demand 

Charges 

Applic

able Program 

Caps 

Evers

ource R-1 

(flat) + NEM 

24.96 ¢/

kWh 

23.75 ¢/

kWh 

N

one 

$7.50/

mo customer 

charge 

≤ 25 

kW cap-

exempt 

Nation

al Grid R-1 

(flat) + NEM 

36.03 ¢/

kWh 

33.58 ¢/

kWh 

N

one 

$10.0

0/mo 

customer 

charge 

≤ 25 

kW cap-

exempt 

SMA

RT 3.0 

production 

tariff 

N/A 

(production 

payment) 

3.0 ¢/k

Wh base + 

3.0 ¢/kWh BM 

+ 4.0 ¢/kWh 

storage 

N

one 

No 

additional 

600 

MW AC 

statewide PY 

2026 

Opt-in 

TOU 

(illustrative 

2035, E3) 

On-

peak 27 to 

43 ¢/kWh; off-

peak 19 to 

21 ¢/kWh 

Net 

metering at 

TOU rate 

3 

periods 

(Winter / 

Summer 

× on / 

mid / off) 

$40/m

o fixed 

(illustrative) 

Reside

ntial opt-in 

C. Incentives and Financing Conditions 
By 2026, the Massachusetts incentive landscape has matured beyond reliance on upfront 

federal tax credits and pivoted toward a comprehensive value stack of performance-based revenue 

and high-value bill credits. The SMART 3.0 program is a tariff-based mechanism that awards 
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residential solar owners fixed monthly production payments over a 20-year term. Compensation 

averages around 6.0 ¢/kWh, reflecting a 3.0 ¢/kWh base rate coupled with a 3.0 ¢/kWh building-

mounted adder, while low-income participants may realize rates as high as 9.0 ¢/kWh (DOER, 

2026). In addition to rewarding solar generation, the program also provides an additional adder of 

4.0 ¢/kWh for residential batteries. 

Massachusetts offers a 1:1 Retail Net Metering policy which serves as the fundamental 

driver of project economics for small-scale solar. For eligible projects under 25 kW, each unit of 

exported generation receives a credit valued at close to the full retail electricity rate, which by 

2026 reaches approximately 25 ¢/kWh in Eversource territory and 36 ¢/kWh in National Grid 

territory (Eversource, 2026; National Grid, 2026). These credits maintain their value through 

indefinite monthly rollovers, enabling customers to hedge winter consumption with surplus 

summer generation. The state continues to bolster deployment through a 15 percent state income 

tax credit capped at $1,000, a 100 percent sales tax exemption, and a 20-year property tax 

exemption for the incremental value of the solar infrastructure (Mass.gov, 2026b; Mass. G.L. c. 59, 

§5). 

The performance-based revenue stack extends beyond SMART 3.0 to include 

ConnectedSolutions, a summer-dispatchable virtual power plant operated jointly by the EDCs 

under Mass Save (Mass Save, 2026). ConnectedSolutions pays $275 per kilowatt of average 

summer event contribution. A 5 kW battery capable of full continuous contribution earns 

approximately $1,375 per year, subject to dispatch during up to 60 events between June and 

September. The performance rate is locked for five years from enrollment, with post-lock 

compensation set at a to-be-determined rate. Eversource territory participants receive an additional 

$500 one-time battery rebate at installation (EnergySage, 2026). 

Residential financing follows the common framework in Section 4.1 with a 7.24 percent 

secured solar loan over a 25-year term, a 6.4 percent customer discount rate, and 2.5 percent annual 

electricity cost escalation. All modeled scenarios use the standard secured loan pathway. State 

incentives flow to the homeowner as tax reductions at filing, so the full installed cost enters the 

loan principal net of the one-time $1,000 credit and, in Eversource territory, the $500 utility 
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rebate.⁸ 

D. Scenario Results 
Six configurations are modeled for the representative Boston household defined in Section 

4.1. They cross two retail tariff territories (Eversource R-1 and National Grid R-1) with three 

configuration-incentive combinations. The three combinations are Solar-only with the state tax 

credit and SMART 3.0, PV+Storage with the state tax credit and SMART 3.0 only, and 

PV+Storage with the full stack (state tax credit, SMART 3.0, ConnectedSolutions, and the $500 

Eversource battery rebate where applicable). Solar-only carries only one incentive state because 

ConnectedSolutions pays against battery summer-event contribution and has no solar-only analog. 

PV capacity is 4.72 kW DC, modeled load is 8,834 kWh per year from the ResStock Massachusetts 

aggregate profile, and paired-storage configurations add a 13.5 kWh / 5 kW battery per Section 

4.1. All dollar figures use 2026-dollar inputs from Sun et al. (2025).⁹ Each territory uses its own 

Schedule R-1 flat tariff as the non-DER baseline for bill-savings calculation, so the Eversource 

baseline is $2,295 per year and the National Grid baseline is $3,303 per year. The full stack adds 

ConnectedSolutions enrollment and, in Eversource territory, the $500 one-time battery rebate. 

System sizing, SMART 3.0 components, and ConnectedSolutions terms are stated in Section C 

above. Table 4.3.D1 reports 25-year NPV and simple payback for each configuration, and Table 

4.3.D2 decomposes Year 1 cash flow for the flagship configuration. 

Every configuration with the full stack applied produces positive 25-year NPV, and two of 

the four PV+Storage configurations lose that property when ConnectedSolutions is removed. 

Three numerical patterns stand out in Table 4.3.D1. The National Grid-to-Eversource NPV gap 

falls between $9,335 and $9,981 across the three configuration rows, reflecting the 44 percent 

retail-rate premium applied to a similar annual generation volume. ConnectedSolutions contributes 

$17,468 of lifetime NPV in Eversource territory and $16,929 in National Grid territory, measured 

as the difference between the State+SMART PV+Storage case and the full-stack PV+Storage case. 

Solar-only beats PV+Storage on lifetime NPV within either utility when ConnectedSolutions is 

excluded, because the incremental battery cost of roughly $20,000 outruns the $232 annual 

SMART 3.0 storage adder on its own. 
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Table 4.3.D1. 25-year NPV and simple payback by configuration. 

Confi

guration × 

Incentive 

Eversource NPV 

(

)|𝐸𝑣𝑒𝑟𝑠𝑜𝑢𝑟𝑐𝑒𝑃𝑎𝑦𝑏𝑎𝑐𝑘(𝑦𝑟)|𝑁𝑎𝑡𝑖𝑜𝑛𝑎𝑙𝐺𝑟𝑖𝑑𝑁𝑃𝑉(

) 

N

ational 

Grid 

Payback 

(yr) 

N

G − EV 

NPV 

gap ($)   

Solar-

only, state + 

SMART 

9,413 8.

8 

1

9,394 

6

.4 

+

9,981 

PV+S

torage, state 

+ SMART 

−9,946 17

.8 

−

72 

1

3.5 

+

9,874 

PV+S

torage, full 

stack 

7,522 10

.4 

1

6,857 

8

.9 

+

9,335 

Simple payback for PV+Storage without ConnectedSolutions exceeds 13 years under both 

utilities and exceeds the 25-year loan term on a cash-flow basis in Eversource territory. Sources: 

MA_financial_summary.json; MA_pysam_results_v3.json. 

The flagship configuration is the highest-NPV pathway across the modeled set, 

PV+Storage with the full stack under National Grid R-1. Gross system cost is $36,797, the $1,000 

state tax credit reduces financed principal to $35,797, and the 25-year loan at 7.24 percent sets an 

annual debt service of $3,138. Table 4.3.D2 walks the Year 1 components. Bill savings cover 65.8 

percent of debt service, SMART 3.0 adds 18.5 percent, and ConnectedSolutions adds 43.8 percent, 

so total Year 1 cash inflow exceeds the loan payment by $881. 

Table 4.3.D2. Year 1 cash flow decomposition (flagship: National Grid R-1, 

PV+Storage, full stack). 
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Component 

Annual 

amount ($) 

Share of loan 

payment 

Bill without system (National Grid 

R-1 baseline) 

3,303.02 — 

Bill with system 1,237.71 — 

Gross bill savings 2,065.31 65.8% 

SMART 3.0 production incentive 579.00 18.5% 

ConnectedSolutions availability 

credit 

1,375.00 43.8% 

Loan payment (principal + interest) 3,138.00 100.0% 

Net Year 1 cash flow 881.31 28.1% 

Values from MA_pysam_results_v3.json and MA_financial_summary.json. Annual 

rollups are reported here because ConnectedSolutions settles on seasonal summer event 

contribution and SMART 3.0 pays a flat per-kWh rate against annual generation, so month-to-

month variation in the economic cash flow is dominated by load shape and not by the settlement 

instruments. 

MA_tou_pysam_results_v3.json substitutes the E3 illustrative 2035 TOU tariff for the flat 

R-1 schedule under National Grid-level pricing to test export-side robustness. Year 1 bill savings 

under full net metering at the TOU rate shift from $2,065 to $1,510 for PV+Storage and from 

$2,088 to $1,528 for Solar-only, a 25 percent compression against the flat-rate baseline. Reducing 

the export credit to 75 percent of the TOU retail rate drops Solar-only savings to $1,495. Reducing 

it to 50 percent drops PV+Storage savings to $1,320. No tested combination flips scenario sign, 

and the compression narrows Eversource PV+Storage margins toward the viability boundary 

without crossing it. 
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4.4 California 

A. Regulatory Environment and Utility Structure 
California replaced retail-rate net energy metering with an export compensation tariff tied 

to hourly avoided cost, shifting residential DER compensation onto a value-based footing. The 

California Public Utilities Commission¹ adopted Decision 22-12-056 on December 15, 2022, 

establishing the Net Billing Tariff² (NBT) as the NEM successor (CPUC, 2022). The NBT applies 

to residential interconnection applications submitted on or after April 15, 2023, leaving the NEM 

2.0 cohort grandfathered on their original 20-year terms. Senate Bill 100 (Cal. Stats. 2018, ch. 312) 

established a 100% zero-carbon retail electricity target by 2045, providing the statutory basis for 

aggressive DER integration. The residential tariff pathway moved from full retail-rate crediting 

under NEM 1.0 (2009–2016), through NEM 2.0 (2016–2023) which added TOU requirements and 

non-bypassable charges, into the structural break of the NBT (CPUC, 2022). 

Three investor-owned utilities (IOUs)³ serve about three-quarters of California’s retail 

electricity load under CPUC jurisdiction. Pacific Gas and Electric (PG&E), Southern California 

Edison (SCE), and San Diego Gas and Electric (SDG&E) operate the distribution systems that 

administer the NBT (CPUC, 2024). Community Choice Aggregators⁴ (CCAs) procure generation 

for many of these customers, but delivery rates, NBT export compensation, and default TOU 

schedules remain set by the CPUC and administered by the host IOU. A residential NBT customer 

on a CCA sees the same export compensation as a bundled IOU customer in the same territory, 

because the NBT attaches to the delivery tariff. 

The NBT broke the import-export price link that had defined NEM 1.0 and NEM 2.0. 

Import energy continues to be charged at the retail TOU rate, while exports are valued at the hourly 

Avoided Cost Calculator⁵ (ACC), decoupling the two price streams (CPUC, 2022). The state is the 

leading operational case of the advanced value-based archetype, because its export price is a 

published hourly value that varies by month, hour, and day-type rather than a fixed or retail-

indexed rate. 

B. Compensation Mechanisms 
Residential NBT customers face a two-price regime with retail TOU import prices and 
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hourly avoided-cost export prices. New solar and solar-plus-storage customers must enroll on an 

electrification-oriented TOU schedule. The default schedules are E-ELEC for PG&E, TOU-D-

PRIME for SCE, and EV-TOU-5 for SDG&E (PG&E, 2026; SCE, 2026; SDG&E, 2026). Each 

schedule is built to make the 4–9 pm window the highest-price period of the day. 

The three schedules diverge sharply in peak-to-trough spread, which sets the ceiling on 

battery arbitrage value. Summer peak rates run from 55.2 ¢/kWh at PG&E through 59.0 ¢/kWh at 

SCE to 80.0 ¢/kWh at SDG&E, with summer defined as June–September at PG&E and SCE and 

June–October at SDG&E. Off-peak summer rates fall to 26.0–50.2 ¢/kWh, and winter compresses 

the spread further. PG&E E-ELEC has an intermediate partial-peak window from 3–4 pm and 9 

pm–12 am that the modeling collapses into off-peak for simplicity (PG&E, 2026).⁶ SCE TOU-D-

PRIME distinguishes summer weekday on-peak from weekend mid-peak. SDG&E’s EV-TOU-5 

carries the widest residential peak-to-trough spread in the country at 68 ¢/kWh, with a 12.4 ¢/kWh 

summer super-off-peak floor that runs midday (12–4 pm) as well as overnight (12–6 am) (SDG&E, 

2026). Each schedule carries a $24 monthly fixed charge in the model and no residential demand 

charge. 

Export compensation follows the CPUC’s ACC methodology rather than the import rate. 

The ACC decomposes the marginal cost of grid electricity into eight components, then sums them 

for each of the 8,760 hours in a year (E3, 2024). The components cover energy, generation capacity, 

ancillary services, transmission and distribution capacity, avoided losses, flexible capacity, and 

greenhouse gas emissions. The resulting 2026 vintage export price vector varies by month, hour 

of day, and weekday/weekend, and is published per utility territory. Annual mean export prices 

are approximately 9.7 ¢/kWh for PG&E, 9.2 ¢/kWh for SCE, and 9.0 ¢/kWh for SDG&E. Peak 

values during summer weekday 4–9 pm hours reach 37–41 ¢/kWh across the three utilities. 

Nighttime and shoulder hours fall below 5 ¢/kWh, with a small number of hours near zero. 

Customers interconnected under the 2026 vintage receive that hourly export price schedule 

for a nine-year lock-in period, after which their export rate rebases to the then-current ACC. The 

decoupling from retail produces an asymmetry of roughly 70–85% between annual-average import 

and export prices, which is the structural feature that drives self-consumption-oriented system 
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design (CPUC, 2022). Over the 25-year analysis horizon, 16 years are priced on post-2035 ACC 

vintages that cannot be forecast with certainty. 

Table 4.4.B1. California residential rate schedules under NBT (2026). 

Rate 

track 

Volumet

ric rate (¢/kWh) 

Expo

rt rate 

(¢/kWh) 

TO

U periods 

Fixed 

/ demand 

charges 

Progra

m eligibility 

PG&E 

E-ELEC 

Summer 

peak 55.2, off-

peak 33.4; 

Winter peak 

32.1, off-peak 

28.5 

Hour

ly ACC, 

2026 

vintage; 

annual mean 

≈ 9.7; 

summer 4–9 

pm mean ≈ 

41 

Pea

k 4–9 pm 

daily, 

partial-

peak 3–4 

pm and 9 

pm–12 am; 

Summer 

Jun–Sep, 

Winter 

Oct–May 

$24/

mo fixed; no 

demand 

charge 

Defaul

t for new 

NBT 

residential 

customers 

with electric 

heat or EV 

SCE 

TOU-D-

PRIME 

Summer 

on-peak 59.0, 

off-peak 26.0; 

Winter mid-

peak 56.0, off-

peak 24.0 

Hour

ly ACC, 

2026 

vintage; 

annual mean 

≈ 9.2; 

summer 4–9 

pm mean ≈ 

37 

On

-peak 4–9 

pm 

weekdays, 

mid-peak 

4–9 pm 

weekends; 

Summer 

Jun–Sep, 

Winter 

$24/

mo fixed; no 

demand 

charge 

Defaul

t for new 

NBT 

residential 

customers 

with electric 

heat, EV, or 

battery 
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Oct–May 

SDG

&E EV-TOU-

5 

Summer 

on-peak 80.0, 

off-peak 50.2, 

super-off-peak 

12.4; Winter on-

peak 52.9, off-

peak 47.3, 

super-off-peak 

11.7 

Hour

ly ACC, 

2026 

vintage; 

annual mean 

≈ 9.0; 

summer 4–9 

pm mean ≈ 

37 

On

-peak 4–9 

pm; super-

off-peak 

12–4 pm 

and 12–6 

am; 

Summer 

Jun–Oct, 

Winter 

Nov–May 

$24/

mo fixed; no 

demand 

charge 

Open 

to residential 

customers 

with EV or 

battery 

C. Incentives and Financing Conditions 
State-level battery incentives for an average-income California household contracted 

sharply during 2025. The Self-Generation Incentive Program⁷ (SGIP) has operated since 2001, 

pivoting in 2019 from broad distributed generation support to a storage-focused design targeting 

grid reliability (CPUC, 2026). Its General Market, Equity, and Equity Resiliency budgets were 

funded by a non-bypassable ratepayer surcharge on gas and electric distribution bills under Cal. 

Pub. Util. Code §379.6, and all three closed on December 31, 2025 (CPUC, 2025). The Residential 

Solar and Storage Equity (RSSE) budget remains open at $1,100/kWh for storage and $3,100/kW 

for solar, but is funded by a $280 million allocation from the state Greenhouse Gas Reduction 

Fund (cap-and-trade auction proceeds) under Assembly Bill 209 and Cal. Pub. Util. Code §379.10 

(CPUC, 2024). RSSE eligibility is restricted to households below 80% area median income, and 

the budget is fully reserved on a waitlist basis. A modeled average-income customer therefore 

qualifies for no state cash incentive in 2026, and any rebate that does flow to a participating 

household in 2026 originates from cap-and-trade revenue rather than from non-participating utility 

customers.⁸ 

Financing follows the common pathway described in Section 4.1. The household borrows 
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100% of system cost at 7.24% over 25 years, and there is no state-sponsored low-cost solar loan 

fund. Low-income discount programs such as CARE (California Alternate Rates for Energy) and 

FERA (Family Electric Rate Assistance) reduce the underlying retail bill by roughly 20–35% for 

eligible households. They operate on the import energy bill and do not interact with export 

compensation or DER capex. The practical financing environment in 2026 is a standard solar loan 

against full sticker-price capex, with the loan serviced from variable bill savings on an NBT 

schedule. 

D. Scenario Results 
Scenario modeling runs two residential configurations in each of the three IOU territories. 

The Solar-only case installs a 6.05 kW PV system at $17,303 per the common state-level cost 

assumption (Sun et al., 2025). The PV+Storage case adds a 13.5 kWh / 5 kW battery at $14,729 

for a total capex of $32,032. All scenarios use 100% debt financing at the Section 4.1 common 

parameters of 7.24% loan rate, 6.4% discount rate, 25-year term, and 2.5% annual electricity 

escalation. Weather follows NSRDB GOES V4 2023 at Sacramento, Riverside, and San Diego as 

IOU-territory proxies, and residential load follows ResStock county-level profiles for the same 

counties. Battery dispatch is TOU-aware with ACC-aware export logic, charging during super-

off-peak windows and discharging during 4–9 pm peaks to maximize the spread between retail 

import offset and ACC export value. 

Solar-only results reveal a narrow viability band. PG&E territory returns a 25-year NPV of 

$2,649 and a 12.6-year simple payback. SDG&E returns $1,839 NPV and 13.1 years. SCE territory 

produces an NPV of –$39 and a 14.4-year payback, landing at the break-even boundary despite 

the highest TOU on-peak rate among the three utilities. The Riverside load profile’s weaker 

coincidence with solar generation and the 4–9 pm TOU peak accounts for the SCE gap, because 

SCE’s higher rate cannot be monetized by a load that falls outside the peak window. 

PV+Storage results diverge sharply across utilities. SDG&E is NPV-positive at $3,064 

with a 13.2-year simple payback, driven by the EV-TOU-5 peak-trough spread of 68 ¢/kWh. 

PG&E shows an NPV of –$1,774 and a 15.2-year payback, and SCE falls to –$6,386 with a 17.7-

year payback. Adding the battery produces only $737 of incremental annual bill savings at PG&E 
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and $614 at SCE, values that fall short of the $1,291 incremental annual debt service on the battery 

portion of the loan. 

Table 4.4.D1. California scenario summary (six configurations). 

Scenario 

System Cost 

(
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49 
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0 –39 14.
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0 1,8
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13.

1 
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32,032 2,10

8 

0 –

1,774 

15.
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SCE 

PV+Storage 

32,032 1,81
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0 –

6,386 

17.

7 

SDG

&E 

PV+Storage 

32,032 2,41

9 

0 3,0

64 

13.

2 

Simple payback for solar-only tracks the TOU rate level, while payback for PV+Storage 

tracks the TOU peak-to-trough spread rather than the level. PG&E and SDG&E reach solar-only 

payback in 12.6 and 13.1 years because their mid-level TOU rates produce enough self-

consumption offset to amortize the $17,303 capex. SCE’s 14.4-year solar-only payback reflects its 

Riverside load profile shifting consumption away from on-peak hours, which lowers the effective 
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savings rate. SDG&E’s 13.2-year PV+Storage payback reflects battery arbitrage at a 68 ¢/kWh 

spread, while PG&E’s 15.2 years and SCE’s 17.7 years reflect spreads of 27 ¢/kWh and 35 ¢/kWh 

combined with the weaker load-peak coincidence. 

The ACC-aware dispatch materially affects the PV+Storage result wherever peak TOU 

value is high. Exporting at an average ACC of 9 ¢/kWh is worth about one-eighth of offsetting an 

SDG&E summer peak at 80 ¢/kWh. The battery converts what would be low-value export energy 

into high-value retail offsets during the 4–9 pm window, and that conversion dominates the 

PV+Storage economics. At PG&E, the peak-trough arbitrage available to the battery is only 

27 ¢/kWh, which does not produce enough incremental annual savings to carry the battery’s 

financing cost at 7.24%. The ACC-aware component of dispatch therefore moves NPV by perhaps 

$500–$1,500 per territory relative to a naive export-everything baseline, but the TOU rate structure 

itself is the larger driver. 

Year 1 monthly cash flow for the NPV-positive configuration shows the seasonal dynamics 

under a wide TOU spread. Table 4.4.D2 uses SDG&E PV+Storage because it is the only 

configuration with positive 25-year NPV and therefore the relevant working case for illustrating 

how a successful California NBT system behaves on a monthly basis. The household starts each 

winter month cash-negative as loan service exceeds heating-season savings. May through 

September flips cash-positive as air-conditioning load combines with summer peak pricing to 

generate monthly savings of $270–$390. Two summer months (June and August in the table) 

produce net exports large enough that the system earns more in export credits than it costs in 

retained consumption, reflected as a negative bill-with-system entry. 

Table 4.4.D2. Year 1 monthly cash flow, SDG&E PV+Storage. 
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Tot

al 

8

07 

3,226 2,419 2,8

08 

0 –

389 

Monthly bill-with-system values allow negative entries because NBT export credits in peak 

summer months can exceed both import consumption and fixed charges, producing a net credit on 

the monthly statement. Year 1 net cash flow totals –$389, but the 25-year NPV is positive at $3,064 

because the $234 loan payment stays constant while savings escalate at 2.5% per year. The 

household runs a small operating deficit for roughly the first decade and a surplus for the remainder, 

with cumulative cash flow crossing zero at about year 15. 

4.5 New York 

A. Regulatory Environment and Utility Structure 
New York’s distributed energy resource (DER) landscape is defined by a coordinated 

regulatory and utility structure involving the Joint Utilities of New York, the group of investor-

owned utilities responsible for implementing the Value of Distributed Energy Resources (VDER) 

framework (NYSERDA, 2025). The Joint Utilities include Con Edison, National Grid (Niagara 

Mohawk), NYSEG (New York State Electric & Gas), RG&E (Rochester Gas & Electric), Orange 

& Rockland (O&R), and Central Hudson. These utilities collectively administer the Value Stack 

tariff, maintain hosting capacity maps, update locational zoning values, and process compensation 

and billing for DERs across their respective territories. NYSERDA¹ directs developers to the Joint 

Utilities for hosting capacity, LSRV-zone, and interconnection data (NYSERDA, 2025). 

Under the VDER² framework, eligible technologies can receive monetary bill credits that 

reflect the time- and location-specific value of their generation to the grid. The eligible set includes 

solar PV, standalone and co-located storage, anaerobic digesters, small hydro, CHP equipment, 

and fuel cells. Different Joint Utilities apply different billing cycle windows, crediting timelines, 

and eligibility nuances in their CDG tariff materials (NYSERDA, 2025). New York’s utilities 

serve heterogeneous regions, from the dense urban loads of New York City under Con Edison to 

the rural networks of NYSEG and RG&E, so DER economics and project feasibility differ across 

utility territories. These differences surface in later sections of this chapter. 



 

 

50 

New York’s rate structure for DERs evolved through a multi-year transition overseen by 

the Public Service Commission (PSC) and documented through NYSERDA orders. From 1997 to 

2017, the state relied primarily on Net Energy Metering (NEM), which credited exported 

electricity at the full retail rate on a volumetric, kilowatt-hour-for-kilowatt-hour basis. The PSC 

determined that NEM did not capture the temporal or locational value of DER generation and 

therefore began a comprehensive reform to align compensation with system benefits (NYSERDA, 

2024). 

The reform began formally on March 9, 2017, when the PSC issued the Phase One / VDER 

Transition Order, marking the shift away from NEM and launching the VDER framework. The 

Transition Order established Phase One NEM as a temporary mechanism to support the transition 

and preserve predictable economics for projects already in development or meeting specific 

qualification milestones. The Phase One NEM mechanism remained available for mass-market³ 

customers until January 1, 2020, after which new mass-market onsite systems no longer qualified 

for traditional volumetric NEM (NYSERDA, 2024). 

Following the Transition Order, the PSC issued the Phase One Implementation Order on 

September 14, 2017, which formally defined the Value Stack and laid out detailed approaches for 

calculating each of its components. The hourly Energy Value uses LBMP⁴. The Capacity Value 

uses ICAP⁵ based on contribution to system peak. The Environmental Value (E) is based on Tier 

1 REC costs and locks for 25 years. Two distribution-level values, the Demand Reduction Value 

(DRV) and the Locational System Relief Value (LSRV), reflect avoided distribution investment 

and localized grid constraints. The Implementation Order also established rules for Phase One 

NEM eligibility, project sizing, and customer classes (NY PSC, 2019). LSRV zones, DRV 

windows, ICAP alternatives, and credit valuations vary by utility and are updated through monthly 

utility Value Stack statements (NYSERDA, 2024). 

During Phase Two, which began through a series of subsequent orders after 2017, the PSC 

refined the Value Stack to improve predictability and market functionality. On February 22, 2018, 

the Commission issued an order addressing project-size caps and allowing projects up to 5 MW 

AC to receive Value Stack compensation, expanding the scale of DER and CDG development (NY 
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PSC, 2019). On April 18, 2019, the PSC issued the Order Regarding Value Stack Compensation, 

which enhanced the temporal and locational signals embedded in the tariff. That order established 

fixed DRV performance windows rather than relying on the utility’s top ten peak hours. It also 

transformed LSRV compensation into a structure based on utility-called LSRV events with a 

required minimum number of calls and sufficient notice each year. The same order introduced the 

Community Credit (CC), a 25-year per-kWh credit available to qualifying CDG projects 

(NYSERDA, 2024). 

The VDER framework was further developed on December 12, 2019, when the PSC 

authorized consolidated billing, also known as net crediting, for CDG projects. Under consolidated 

billing, utilities apply both a customer’s CDG credit and subscription charge onto a single electric 

bill, reducing soft costs and streamlining participation. This change accelerated CDG adoption and 

improved billing clarity for customers receiving Value Stack credits (NY PSC, 2019). 

The most recent state-wide order was published in 2020. In that order, the PSC extended 

New York’s distributed solar and community adder compensation framework. VDER applies to 

onsite non-residential DERs larger than 750 kW AC and to all Remote Metered (RM) and 

Community Distributed Generation (CDG) projects up to 5 MW AC. Mass-market onsite 

customers interconnected before January 1, 2020 continue under Phase One NEM for their 

guaranteed term. Ongoing refinements, implemented through NYSERDA’s Value Stack 

Calculator, hosting capacity maps, and monthly utility statements, keep DER compensation 

transparent, data-driven, and aligned with evolving grid needs (NYSERDA, 2024). 

New York anchors the advanced value-based archetype alongside California, with a 

structural distinction. California bundles temporal and avoided-cost signals into a single hourly 

export price vector under the Net Billing Tariff. New York decomposes the same signal into five 

separately-settled Value Stack components, each with its own settlement cadence, lock-in term, 

and eligibility zone. DRV and LSRV convert distribution-level constraint into per-kW revenue 

streams absent from California’s tariff. Project economics in New York therefore turn on 

interconnection zone and date as much as on installed system cost. 
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B. Compensation Mechanisms 
Residential solar customers in New York fall into one of two tracks depending on 

interconnection date. Customers interconnected before January 1, 2020 remain on Phase One NEM 

and receive full retail-rate volumetric credit for net exports for the duration of their grandfathered 

term (NYSERDA, 2024). Customers interconnected after that date, and any customer who elects 

to convert, receive compensation under the Value Stack. Retail supply is billed at the utility’s 

applicable residential rate. Con Edison SC-1 charges roughly 26.5 ¢/kWh volumetric plus a $20 

monthly service charge. National Grid upstate residential charges roughly 24.4 ¢/kWh volumetric 

plus an $18 service charge (Con Edison, 2026; National Grid, 2025). 

The Value Stack assigns a distinct rate to each exported kilowatt-hour based on five 

components. The Energy component uses the NYISO day-ahead Locational Based Marginal Price 

(LBMP⁴) for the customer’s zone, adjusted for line losses, and settles hourly. The Capacity 

component (ICAP⁵) uses a monthly $/kWh rate derived from the NYISO installed-capacity market. 

The Environmental component uses the statewide Tier 1 Renewable Energy Credit value, currently 

3.103 ¢/kWh, and locks for 25 years at interconnection. The DRV compensates export during the 

2–7 PM window at a utility-specific $/kW-year rate keyed to the customer’s peak injection in that 

window, with the rate locked for 25 years at interconnection. The LSRV applies only in utility-

identified constrained zones, pays during utility-called LSRV events with a minimum number of 

events per year, and locks for 10 years. The framework does not impose mandatory TOU retail 

pricing on residential customers. Default TOU options are available on an opt-in basis. 

Program caps and eligibility differ by segment. Mass-market onsite residential customers 

may elect Value Stack but are no longer eligible for Phase One NEM after the 2020 cutoff. Onsite 

non-residential systems above 750 kW AC and all Remote Metered and CDG projects up to 5 MW 

AC default to Value Stack. Community Credit tranches were exhausted in most territories by 2020, 

shifting CDG economics to the Community Adder administered by NYSERDA, which remains 

active in Con Edison territory (NYSERDA, 2026a). 

Table 4.5.B1. NY residential rate schedule summary. 

Trac Volumet Exp TOU Fixe Progra
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Representative 2025–2026 Value Stack rates vary substantially across utilities. Con Edison 

DRV is $199.40/kW-yr, LSRV is $140.76/kW-yr where available, and ICAP varies seasonally 

from 1.80 to 3.08 ¢/kWh. National Grid DRV is approximately $80.00/kW-yr, and ICAP ranges 
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from 0.80 to 1.50 ¢/kWh (Con Edison, 2025; National Grid, 2025). 

C. Incentives and Financing Conditions 
New York maintains substantial state-level support for residential solar, drawn from two 

structurally distinct funding sources. The New York State Residential Solar Tax Credit provides 

an income tax credit equal to 25% of eligible project cost up to $5,000 and remains fully available 

in 2026 for host-owned residential systems under N.Y. Tax Law §606(g-1) (NY Department of 

Taxation and Finance, 2025). The credit is funded by foregone state personal income tax revenue, 

so it imposes no direct cross-subsidy on non-participating utility customers. The credit is non-

refundable but may be carried forward for up to five years, so most households capture its full 

value over time. NY-Sun’s Megawatt Block (MW Block) incentives, in contrast, are funded by 

the Clean Energy Fund (CEF), which the Public Service Commission collects as a non-bypassable 

System Benefits Charge (SBC) on the bills of all retail customers of the six investor-owned utilities 

under N.Y. Pub. Serv. Law §66 and Case 14-M-0094 (NYSERDA, 2025). The Long Island 

residential block has fully closed. The Con Edison and Upstate residential blocks are in their final 

phases, with nearly all available capacity allocated (NYSERDA, 2026b). For most new residential 

customers, the MW Block incentive is therefore no longer accessible. 

Within the VDER framework, the most significant long-term incentive for distributed solar, 

particularly for community solar developers, is the Community Credit (CC). Established in the 

PSC’s April 18, 2019 Value Stack Compensation Order, the CC provides a fixed per-kWh adder 

guaranteed for 25 years for eligible CDG projects. It was introduced to replace the previous Market 

Transition Credit (MTC) and was designed to offer revenue certainty in territories where Value 

Stack components alone may not support project financing. CC availability is functionally depleted 

as of 2020. As CC tranches are exhausted in a region, developers may instead access the 

Community Adder, an upfront incentive administered by NYSERDA to preserve CDG economic 

viability. The Community Adder is activated only when CC tranches are fully subscribed and 

varies by region and project type. According to NYSERDA’s current status tracker, the 

Community Adder for the Upstate NY region is exhausted, while the Con Edison region has been 

allocated 57% of its total capacity, leaving 43,452 kW available. The incentive rate for the first 
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tranche of the Con Edison Community Adder is $0.20/W (NYSERDA, 2026a). The Community 

Adder does not apply to residential onsite installations modeled in this section. 

The state’s Residential and Retail Energy Storage Incentive Programs remain fully active 

and are also CEF-funded through the SBC, drawing on the budget authorized in the PSC’s June 

20, 2024 Order in Case 18-E-0130 and the implementation plan approved February 14, 2025 (NY 

PSC, 2024; NY PSC, 2025). The 2024 Order allocated $100 million for residential storage and 

$675 million for retail-scale distributed storage, with the full 6 GW Roadmap investment estimated 

at $1.2–1.9 billion across bulk, retail, and residential sectors. They offer upfront per-kWh 

incentives for both standalone and solar-paired battery systems through NYSERDA’s statewide 

MWh-block structure. Residential incentives are available for up to 25 kWh of usable capacity, 

and commercial incentives apply to projects up to 5 MW. MWh-block pricing runs at roughly 

$250/kWh in Con Edison territory and $200/kWh upstate. Projects sited in Disadvantaged 

Communities qualify for the Inclusive Storage Incentive (ISI), a ratepayer-funded bonus tier on 

top of the baseline MWh-block rebate (NYSERDA, 2025). Utility-administered performance 

programs are recovered through PSC-approved delivery rates, including NYSEG’s Energy Storage 

Solutions and National Grid’s ConnectedSolutions at roughly $275/kW-year for summer dispatch 

(National Grid, 2025; NYSEG, 2025). Value Stack compensation continues in parallel for any 

exported solar or battery energy.⁷ 

Financing conditions follow the common assumptions in Section 4.1. The residential loan 

rate is 7.24%, the discount rate is 6.40%, the term is 25 years, and electricity cost escalation is 2.5% 

per year. The modeled battery is 13.5 kWh usable. PV capacity is 5.77 kW DC, consistent with 

the Gagnon et al. (2016) rooftop potential range for the region and the system cost range reported 

in Sun et al. (2025). 

D. Scenario Results 
Two residential configurations are modeled across two utility territories. The solar-only 

configuration installs 5.77 kW DC of rooftop PV. The PV+Storage configuration adds a 13.5 kWh 

/ 5 kW Li-ion battery dispatched for peak shaving. Con Edison results are reported both inside and 

outside an LSRV zone to isolate the locational component of Value Stack compensation. National 
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Grid results use an Albany-area location with no LSRV eligibility, which is representative of most 

upstate interconnections. Weather uses NSRDB GOES V4 2023 hourly irradiance. PV output is 

7,248 kWh/year in NYC (14.3% capacity factor) and 6,420 kWh/year in Albany (12.7%), 

reflecting higher latitude and cloud cover upstate (NREL, 2023). 

Year-1 bill savings under the Value Stack are driven by the DRV component. Residential 

PV export during 2–7 PM aligns well with the DRV window, producing peak injections of 2.93 

kW for Con Edison solar-only and 3.78 kW for National Grid solar-only. DRV credit accounts for 

47–71% of total Value Stack credit depending on configuration. LSRV, when applicable, adds 

about $413/year of Value Stack credit, of which roughly $120/year flows through to Year 1 bill 

savings. Most LSRV credit accumulates in the customer’s credit bank for future offset rather than 

landing on the first-year bill. Peak-shaving battery dispatch shifts energy from afternoon exports 

to evening self-consumption, which increases total exports but lowers the LBMP- and ICAP-rated 

shares in the afternoon, leaving DRV credits roughly unchanged. 

Table 4.5.D1. NY scenario summary (Year 1 flows; 25-year NPV under common 

financial assumptions, Section 4.1). 
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Year 1 Bill Savings reflect the pure utility-bill reduction from self-consumption and export 

compensation before any one-time incentive is applied, as reported in the Phase 1 parameter 

extraction (NY Scenarios Phase 1, 2026). Year 1 Incentive Income combines the NY state 25% 

tax credit (capped at $5,000 and typically realized through tax filing), the one-time NYSERDA 

Residential Energy Storage Incentive where applicable, and the ConnectedSolutions performance 

payment in PV+Storage cases. System cost figures derive from the same Phase 1 paired residential 

models. NPV is computed under the Section 4.1 cash-flow convention. The stack is full-cost debt 

financing at 7.24% for 25 years, escalation at 2.5%/year, discount at 6.40%, zero federal ITC, and 

state incentives applied as loan prepayments in Year 1. Battery replacement at year 13 is included 

for PV+Storage. Simple Payback is calculated as System Cost divided by Year 1 Bill Savings. 

This convention matches Section 4.4 (California) and Section 4.6 (Texas), and excludes the one-

time incentives reported in the adjacent column.⁶ 

Locational value is visible in both configurations, but most of it accumulates in the VDER 

credit bank rather than in immediate bill savings. Between ConEd LSRV and ConEd non-LSRV 

outcomes, the Year 1 bill-savings delta is $122 for solar-only and $128 for PV+Storage, while the 

25-year NPV lift is $1,861 and $2,010 respectively. Upstate economics are materially weaker. 
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National Grid PV+Storage posts an NPV of –$6,177 because lower load (6,580 kWh/year 

vs. 17,000 kWh/year), a lower DRV rate, and the absence of LSRV compress both the bill-savings 

and credit tracks. Solar-only upstate ends just below breakeven at –$723, meaning the value stack 

almost carries the customer through the 25-year horizon without federal ITC. 

Simple payback lengths differ sharply across the two utilities. Downstate ConEd solar-only 

pays back in 9 to 10 years against an installation that generates its incentive income in the first 

twelve months. Adding battery extends payback by roughly 6 years because the $9,679 

incremental system cost produces only a small bump in annual bill savings. The battery shifts 

exports to self-consumption without raising the DRV-rated share, so the marginal bill-savings 

contribution is modest. Upstate payback exceeds the 25-year system life for PV+Storage and 

crowds the system life for solar-only. Payback under the Section 4.1 convention excludes the state 

tax credit and NYSERDA rebate. If those are deducted from system cost (out-of-pocket payback), 

ConEd solar-only LSRV drops to 7.0 years and ConEd PV+Storage LSRV to 9.3 years. National 

Grid PV+Storage still exceeds the 25-year system life at 30.0 years on the out-of-pocket basis. 

Table 4.5.D2. NY ConEd PV+Storage LSRV, Year 1 monthly cash flow (illustrative). 
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Loan payment is computed on the financed principal after the upfront NYSERDA battery 

rebate, so the monthly payment of $145 reflects a $19,801 financed amount at 7.24%/25 years. 

The NYSERDA rebate of $3,375 is shown as a commissioning-month incentive in January, the 

state tax credit of $4,329 is shown at tax-filing time in April, and ConnectedSolutions earnings are 

spread across June through September. Year-1 monthly savings before incentives average $126. 

The cumulative cash-flow pattern separates the gross simple payback in Table 4.5.D1 from 

the customer’s lived experience of the investment. Gross payback divides system cost by Year 1 
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bill savings and reports the ~15 year horizon as the operating-economics benchmark. Out-of-

pocket recovery is much faster because the state tax credit and NYSERDA rebate offset roughly a 

third of system cost within the first year. Net-of-loan monthly savings are negative in most months 

outside the incentive-disbursement windows. Ongoing operating margin, not incentive cash, is the 

binding constraint on long-horizon NPV. 

4.6 Texas 

A. Regulatory Environment and Utility Structure 
Texas is the only US state with residential retail electricity choice at material scale, and 

that structural fact defines the market-oriented archetype. Senate Bill 7 unbundled the vertically 

integrated utility in 1999 (Texas Legislature, 1999). Generation was spun into competitive 

producers selling into the ERCOT wholesale market, transmission and distribution stayed with 

regulated wires-only utilities called TDUs¹, and retail service was opened to PUCT-certified 

competing providers called REPs². Residential retail choice began on January 1, 2002. The Public 

Utility Commission of Texas sets TDU delivery tariffs and certifies REPs but does not set REP 

retail prices (PUCT, 2024).³ The Electric Reliability Council of Texas operates the wholesale 

market and covers approximately 90% of Texas electric load (ERCOT, 2025).⁴ A residential 

customer on the competitive grid pays one bill that stacks a REP energy charge with a TDU 

delivery charge. Municipal utilities (Austin Energy, CPS Energy) and rural cooperatives opted out 

of retail choice under SB 7 and are outside the scope of this section. 

Residential DER export compensation is not a regulated tariff in the competitive ERCOT 

market. The PUCT has not adopted a statewide net metering rule, and state law does not require 

REPs to offer export credit (PUCT, 2024). Export compensation exists where individual REPs 

offer buyback plans as a product feature, and the rate, contract length, and crediting rules are set 

by bilateral contract between the customer and the REP. One wholesale pathway exists for 

residential storage. The PUCT Aggregated Distributed Energy Resource (ADER) pilot authorizes 

aggregated DERs to participate in ERCOT wholesale markets under Project No. 54233 (PUCT, 

2023; ERCOT, 2024). The pilot aggregation must provide at least 100 kW of combined response, 

while each individual premise contributes 1 MW or less (ERCOT, 2024). A single household 
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battery cannot meet the 100 kW floor alone and must contract through a third-party aggregator. 

B. Compensation Mechanisms 
Three buyback designs dominate the 2026 REP plan catalog for solar customers. Fixed-

rate buyback pays a flat cents-per-kWh credit for every exported kWh, almost always below the 

customer’s retail energy charge. One-to-one renewable-rewards plans settle exports and imports 

at the same retail energy charge on a monthly net basis, and are offered by a subset of REPs at a 

price premium. Free-nights or free-weekends plans charge zero energy during fixed off-peak 

windows and shift fixed cost recovery into higher on-peak rates, indirectly rewarding self-

consumption during charged hours. Plan diversity is wide. The PUCT-operated Power to Choose 

portal lists hundreds of residential plans across the four TDU territories, each with a standardized 

Electricity Facts Label disclosing energy charge, base fee, contract length, and renewable content. 

The total customer rate has two stacked volumetric components. The REP energy charge 

is competitive and varies by plan. The TDU delivery charge is regulated by PUCT and varies by 

TDU territory, but applies to every delivered kWh regardless of the REP selected (PUCT, 2024). 

TDU delivery charges are updated semi-annually on March 1 and September 1 under PUCT-

approved rate filings. TDU charges are not offset by exports under any REP buyback structure, 

because exports reduce REP energy billing but not TDU volumetric delivery billing. 

The modeled plan in this section is Chariot Energy’s GreenVolt on the Oncor TDU. This 

combination is a mid-tier bilateral buyback arrangement that fits the modal residential solar 

shopper in the Oncor territory, which is the largest TDU by residential meter count. Table 4.6.B1 

summarizes the plan components. 

Table 4.6.B1. Rate Schedule Summary (Texas, modeled plan). 
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+ Oncor 

TDU 

5.62 TDU) 24/7) REP base + 

$4.23 TDU) 

contract; all-

TDU 

availability 

Sources: Chariot Energy (2026); Oncor Electric Delivery (2026); Electricity Plans (2026); 

Meterplan (2026). 

The plan’s 15.82¢/kWh total retail rate aligns with the EIA Texas residential average of 

15.87¢/kWh in March 2026 (EIA, 2026). The 7.0¢/kWh buyback is 44% of the retail rate, so each 

exported kWh is worth less than half of each self-consumed kWh. 

Billing follows a net-settled cash structure rather than one-to-one kWh netting. The REP 

calculates monthly energy charges and monthly export credits in dollars, and the difference is the 

net energy line on the bill. Positive credit balances roll forward by contract terms and are forfeited 

if the customer switches REPs. This structure differs from a kWh-netted NEM tariff in two ways. 

A kWh-netted regime would carry any export imbalance forward as banked kilowatt-hours usable 

against future imports, whereas the REP structure converts exports into dollars at the plan’s 

contracted rate immediately. A kWh-netted regime would also survive a provider switch, whereas 

REP contracts terminate unused dollar credits at contract end. 

The plan has no time-of-use energy periods. Flat-rate buy and flat-rate sell are the default 

REP-plan structure in ERCOT retail choice; TOU differentiation exists only where a specific REP 

markets a free-nights or similar plan, and those plans shift rate design rather than offering 

locational or hourly price discovery. Fixed charges combine a $29.95 REP monthly base fee with 

the Oncor $4.23 TDU monthly customer charge, for $34.18 in unavoidable monthly cost before 

the first kWh. 

C. Incentives and Financing Conditions 
Texas offers a thin residential DER incentive stack. Texas imposes no state personal 

income tax, so no state income-tax credit for solar exists and no parallel instrument is possible. 

There is no statewide residential solar rebate and no performance-based incentive. No statewide 

renewable-credit trading program applies to residential solar. A property tax exemption under Tex. 

Tax Code §11.27 excludes the added assessed value of the solar system from the local property 



 

 

63 

tax base, but it operates on post-tax ownership cost rather than on the pre-tax cash flow used in the 

Section 4.1 framework. 

Utility-level rebate programs operate inside specific TDU territories. Program availability, 

rebate amounts, and eligibility requirements vary by TDU and by program year, with annual 

budgets, installer participation, and pairing conditions set by each program rather than by statewide 

tariff. The modeled scenarios exclude utility rebates. That choice keeps the Texas results 

independent of installer-mediated and budget-capped disbursements that sit outside the Section 

4.1 modeling frame. 

The PUCT ADER pilot is the sole wholesale revenue pathway for a residential battery. 

Aggregators pool residential battery capacity to meet the 100 kW aggregation floor and bid the 

combined capacity into ERCOT energy and ancillary markets. Qualifying ancillary products 

include Responsive Reserve Service and ERCOT Contingency Reserve Service, alongside Day-

Ahead and Real-Time energy (ERCOT, 2024). Settlement flows from ERCOT to the aggregator, 

which retains a share of gross revenue, and the household receives the remainder as a monthly bill 

credit through its REP. The modeling applies a 30% aggregator take to 2025 ERCOT Real-Time 

Market settlement prices at the North hub, yielding $253 per year of net household revenue for a 

13.5 kWh battery under an optimistic daily arbitrage assumption. Seven commercial ADERs were 

active in the pilot as of December 2025, so marginal participation is feasible but not guaranteed 

(Utility Dive, 2026). 

Financing follows the Section 4.1 common assumptions for loan, discount, escalation, and 

battery capacity. All scenarios use 100% debt financing with zero Year 0 cash outlay. 

D. Scenario Results 
The Texas quantitative case tests how a market-set buyback rate interacts with a thin 

incentive stack and a cooling-dominant load. Three configurations are modeled. Solar-only uses a 

5.95 kW PV system on the Chariot GreenVolt + Oncor rate structure with zero incentives. 

PV+Storage adds a 13.5 kWh / 5 kW battery operated for self-consumption. PV+Storage+VPP 

adds participation in the ADER pilot through a hypothetical third-party aggregator at a 30% take 

rate, generating $253 per year of net household wholesale revenue. All configurations use the 
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Section 4.1 common financial assumptions and 100% debt financing. 

The household baseline is the ResStock Texas aggregate residential load of 15,024 kWh 

per year with a 5.38 kW peak, the highest among the modeled ResStock profiles because of 

cooling-dominated summer demand. Weather is NSRDB Houston 2023. The 5.95 kW PV 

generates 8,661 kWh per year; the PV+Storage configuration nets 8,490 kWh per year after battery 

round-trip losses. The Year 1 electricity bill without any system is $2,786.95. 

Table 4.6.D1. Scenario Summary (Texas). 
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2

3.2 

Source: PySAM v3 simulation with Pvwattsv8 + Battwatts + Utilityrate5; 25-year DCF at 

6.4% discount, 7.24% loan, 2.5% escalation. 

Solar-only comes close to breakeven in Year 1 despite zero incentives. Year 1 savings of 

$1,088 against a flat $1,445 annual loan payment produce a –$30 monthly net cash flow, and 

simple payback is 15.1 years. Texas combines high irradiance in Houston with a large residential 

load, so a PV system sized below the household’s annual demand converts most of its output into 

displaced retail kWh at the 15.82¢/kWh retail rate. Only the surplus becomes 7¢/kWh exports. 

Lifetime NPV is –$860, close enough to zero that small movements in installed cost, retail rate 
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escalation, or buyback rate could flip the outcome. 

Adding storage adds almost nothing to bill savings. The Year 1 savings increase from 

$1,088 (solar-only) to $1,099 (PV+Storage), an $11 marginal contribution from the 13.5 kWh 

battery. The flat-rate retail structure offers the battery no arbitrage opportunity, since every self-

consumed kWh has the same value regardless of time of day. Under this plan the battery dispatches 

to absorb midday PV surplus and discharge after sunset to displace evening retail imports. The 

only retail-side value created is the spread between the 7¢/kWh export rate (forgone when the 

battery stores rather than exports) and the 15.82¢/kWh retail rate (captured when the battery 

discharges into load). A 10¢/kWh TOU on-peak adder applied during summer evenings would 

roughly double this spread and transform the battery’s retail-side value. No such rate exists under 

the modeled plan, so the battery’s retail-side yield stays at the flat spread. The $14,877 battery cost 

drives simple payback from 15.1 to 28.5 years and 25-year NPV from –$860 to –$16,751. 

The VPP scenario monetizes the battery through ERCOT wholesale rather than through 

retail bill savings. At 2025 RTM prices with a 30% aggregator take, the modeled revenue is $253 

per year per household for a 13.5 kWh battery. This reduces simple payback from 28.5 to 23.2 

years and raises 25-year NPV from –$16,751 to –$13,636. Even with the VPP revenue, 

PV+Storage remains net-negative over the modeled horizon. The $253/yr figure rests on three 

fragile assumptions. ERCOT RTM revenue per kilowatt-year fell from roughly $475/kW/yr in 

2023 to approximately $17/kW/yr in 2025 as roughly 10 GW of grid-scale solar-plus-storage 

saturated the arbitrage market (Modo Energy, 2025). The 30% aggregator take is the Workflow’s 

estimate; actual aggregator contracts are private. The modeled arbitrage assumes perfect daily 

cycling that a real residential battery with customer backup reserve cannot always execute. 

Table 4.6.D2. Year 1 Annual Cash Flow (Texas, three configurations). 

Line Item ($) Solar Only PV+Storage PV+S+VPP 

Bill without system 2,787 2,787 2,787 

Bill with system 1,699 1,688 1,688 

Bill savings 1,088 1,099 1,099 
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VPP revenue 0 0 253 

Total Year 1 income 1,088 1,099 1,352 

Annual loan payment (1,445) (2,749) (2,749) 

Net Year 1 cash flow (357) (1,650) (1,397) 

Monthly net (30) (138) (116) 

Source: PySAM v3 Year 1 bill outputs; loan payment computed at 7.24% / 25 years / 100% 

debt on system cost. 

Every scenario runs a negative Year 1 cash flow. The loan debt-service in each row (right 

three columns) is larger than the combined bill savings and VPP revenue in Year 1. The gap closes 

gradually as the 2.5%/yr bill escalation accumulates against a fixed loan payment, but the 25-year 

cumulative position stays below zero in all three scenarios under current assumptions. 

The three lines trace the same financial arithmetic as Table 4.6.D2, compounded and 

discounted over the system life. Solar-only follows a shallow U-shape because escalating bill 

savings overtake the fixed loan payment around Year 12. The curve troughs at approximately –

$1,770 in Year 11 and recovers to –$860 by Year 25, close enough to zero that modest 

improvements in installed cost, retail rate trajectory, or buyback rate could flip the outcome. 

PV+Storage plunges monotonically to –$16,744 at Year 25 because the battery’s $14,877 capital 

cost cannot be recovered through $11/yr of retail arbitrage on a flat rate. Adding VPP lifts the 

PV+S trajectory by a discounted annuity worth about $3,100 over 25 years, but the vertical 

distance to breakeven stays above $13,000 for the full horizon. 

Chapter 5: Implications 

5.1 Cross-State Viability at a Glance 

The five states produce a viability range rather than a single verdict. Only four of thirteen 

modeled PV+Storage configurations clear 25-year NPV of zero. Solar-only clears in six of thirteen, 

with the gap concentrated in states that lack a storage revenue stream. Table 5.1 shows the best 
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and worst PV+Storage configuration in each state under 2026 policy. 

Table 5.1. Modeled 25-year NPV range by state (PV+Storage, 2026 policy; $). 

State Best configuration 

Worst 

configuration Range 

Massachusetts NGrid full stack, 

+16,857 

EV 

state+SMART only, 

−9,946 

26,803 

New York ConEd LSRV, 

+14,521 

NGrid, −6,177 20,698 

California SDG&E, +3,064 SCE, −6,386 9,450 

North 

Carolina 

NMB full stack, 

−12,993 

RSC no 

incentives, −27,682 

14,689 

Texas PV+S+VPP, 

−13,636 

PV+S no 

incentives, −16,751 

3,115 

The ordering of outcomes does not align with the archetype classification from Section 4.1. 

Massachusetts is transitional and produces the highest positive NPV. New York is advanced and 

straddles zero between its two utility territories. California is advanced and sits at or below zero 

across three of its four configurations. North Carolina is transitional and never clears zero. Texas 

is market-oriented and sits deepest below zero. The archetype predicts the compensation 

framework a state has adopted. It does not predict the financial outcome, because that outcome 

turns on incentive stacking, utility-territory heterogeneity, and storage revenue availability. The 

three sections that follow identify the design features that explain the ordering. 

 

5.2 Residential DER Viability Requires Coupled Compensation Streams 

Residential PV+Storage viability comes from a portfolio of value streams rather than from 

any single rate or incentive. The rate-design principle from Section 2.6 is that compensation should 
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reflect the bundle of grid services a DER¹ provides, disaggregated by time, location, and service 

type. The financing principle from Section 3.5 is that long-term cash flows must be stable enough 

to support debt service against a 25-year loan. Positive PV+Storage NPV requires both features 

acting together. Stacked revenue streams must be in place, and settlement terms must be locked 

long enough to be bankable. 

Finding 1. Stackable compensation layers drive the positive-NPV cases. The states that 

produce positive PV+Storage NPV achieve it through layered programs rather than through a 

single rate. Massachusetts stacks volumetric retail NEM² credit at 24.96 to 36.03 ¢/kWh, SMART 

3.0 tariff compensation under a 20-year lock, and ConnectedSolutions event-based dispatch at 

roughly $275/kW-year (DOER, 2026; National Grid, 2025). Removing ConnectedSolutions alone 

moves National Grid PV+Storage NPV from +$16,857 to −$72 and Eversource PV+Storage NPV 

from +$7,522 to −$9,946. The performance layer is not supplemental; it carries the battery’s loan 

payment. New York reaches the same outcome through a single tariff. The Value Stack 

decomposes export compensation into five components covering energy (LBMP), capacity (ICAP), 

environmental attribute (REC), afternoon demand reduction (DRV), and locational relief (LSRV) 

(NYSERDA, 2024). The DRV rate is locked for 25 years and contributes 47 to 71 percent of Value 

Stack credit in the modeled configurations. Both states deliver positive Con Edison and National 

Grid PV+Storage NPV. Texas and North Carolina lack any comparable layered structure and never 

clear zero in any modeled configuration. 

Finding 2. Compensation design must account for the services each DER technology 

provides, not just exported kilowatt-hours. A flat per-kilowatt-hour export rate compensates a 

solar panel and a battery on the same settlement channel, even though the battery’s value comes 

from peak-shaving and dispatch services rather than from net export volume. Texas illustrates the 

failure mode at the household level. The Chariot GreenVolt plan pays 7.0 ¢/kWh on every exported 

kilowatt-hour, with no separate compensation for stored-and-shifted energy (Section 4.6). The 13.5 

kWh battery adds $11 in Year 1 bill savings against $14,877 in incremental capital cost. North 

Carolina’s Rider RSC pays a flat 3.4 ¢/kWh export rate equal to 27 percent of retail, so every 

exported kilowatt-hour from the battery erodes rather than builds viability. Massachusetts handles 

the technology distinction through a separate channel. ConnectedSolutions settles dispatch events 
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on a $/kW-year basis tied to performance during called events, which compensates the battery’s 

grid service directly. The Texas ERCOT ADER pilot adds a wholesale stream of approximately 

$253 per year net of aggregator take (PUCT, 2023; Modo Energy, 2025), but the volume is too 

small to close the gap on its own. 

Finding 3. Temporal and locational signals are what make the portfolio differentiate 

storage from solar. A compensation structure that pays a single rate per exported kilowatt-hour 

cannot reward when the export occurred or where it landed on the grid. Storage value comes from 

shifting solar into peak hours and from siting in zones where the local distribution network is 

constrained. New York’s Value Stack carries both signals explicitly through its DRV and LSRV 

components. LSRV availability alone moves 25-year NPV by $1,861 for solar-only and $2,010 

for PV+Storage in Con Edison territory. California’s tariffs carry the temporal signal but not the 

locational one. SDG&E’s steep peak-to-off-peak TOU spread produces +$3,064 PV+Storage NPV; 

SCE’s flatter TOU produces −$6,386 for the same modeled system. Texas’s flat REP plan and 

North Carolina’s flat 3.4 ¢/kWh export carry neither signal, which is why neither state’s modeled 

battery generates the dispatch revenue to clear zero. 

Finding 4. Fixed-cost separation has not been resolved in any of the five cases. Every 

modeled state embeds a share of fixed system cost in volumetric charges, so consumption 

reduction by DER-owning customers shifts part of the grid’s fixed cost onto non-DER customers. 

Texas’s TDU delivery charge of 5.62 ¢/kWh is volumetric and applies even when the REP energy 

charge is offset by exports (PUCT, 2024). North Carolina’s $28 Rider RSC minimum bill is a 

partial correction, small against the volumetric charge. Massachusetts, New York, and California 

use volumetric retail energy charges that exceed their monthly fixed charges by an order of 

magnitude. Chapter 2 framed fixed-cost separation as a trade-off between cross-subsidy protection 

and adoption-incentive preservation (Borenstein, 2017). Higher fixed charges, minimum bills, and 

demand-based residential rates have been proposed in commission proceedings but not 

implemented at scale in any modeled state. 

Design implication. Compensation should isolate each grid service onto a distinct 

settlement instrument and preserve the option to add layered revenue streams as new services 
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emerge. The New York Value Stack is the closest operational approximation in the modeled set 

and delivers the widest positive PV+Storage NPV range for Con Edison territory. States reforming 

their compensation framework should retain stackable structure rather than bundle compensation 

into a single replacement rate. Where retail NEM is retained as a base layer, as in Massachusetts, 

the portfolio effect is achieved through parallel programs. The portfolio character, not the specific 

tariff, is what delivers viability. 

5.3 Poorly Designed Rate Transitions Impose Costs on Households, Installers, and 
Future DER Deployment 

Three parties absorb different kinds of cost from a poorly designed rate transition. 

Households absorb the repricing of investments already in flight against the prior rate. Installers 

absorb demand compression in the months around the effective date. Future DER cohorts absorb 

the loss of stacked incentive programs that earlier adopters could combine. 

Finding 1. Rate reform’s phasing design determines whether existing or prospective 

households bear the cost. Residential DER investments are priced against expected bill savings 

that accumulate over 20 to 25 years. When successor tariffs replace those expectations without 

grandfathering, existing adopters absorb the repricing. When grandfathering is in place but the 

successor tariff cuts compensation for new interconnections, prospective adopters absorb the cost. 

California’s NEM 2.0 to NBT transition in April 2023 illustrates the prospective case. Monthly 

residential quote requests have averaged roughly 60% of historical volumes since NBT adoption 

(Barbose, 2024). Nevada’s 2015 decision is the counterexample on the existing side. The Public 

Utilities Commission of Nevada revoked retail-rate net metering for all 32,000 existing rooftop 

customers without grandfathering (PUCN, 2015, Docket 15-07041). The decision was partially 

reversed in 2017 through Assembly Bill 405, which granted 20-year grandfathering to the affected 

customers (Nevada State Legislature, 2017). Which cohort absorbs the cost follows directly from 

whether grandfathering is specified at the moment of reform. 

Finding 2. Abrupt rate transitions compress installer pipelines and erode industry 

capacity. A rate transition that delivers its full compensation change at a single effective date 

absorbs demand compression in a narrow window. California’s NBT transition shows the market-
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structure response. Installed prices for paired PV+storage rose 17% within twelve months of April 

2023 (Barbose, 2024). Nevada’s 2015 decision produced more rapid installer exit. SolarCity, 

Sunrun, and Vivint Solar withdrew from the Nevada residential market within months of the 

PUCN order. Capacity that exits during compression does not return when demand recovers, and 

the multi-year rebuilding cost does not appear in tariff cost-benefit analyses. 

Finding 3. Stacked program expirations compound the cost to future DER adopters. 

Incentive program closures function as de facto rate reform events because they alter the revenue 

stream against which a DER investment was priced. Three such closures stack within Q4 2025 and 

Q1 2026. North Carolina’s PowerPair rebate capped statewide enrollment at 60 megawatts (Duke 

Energy, 2025; NCUC Docket E-7 Sub 1276). Duke Energy Progress Cohort B closed as the cap 

neared exhaustion. California’s Self-Generation Incentive Program closed its General Market 

budget on December 31, 2025 (California Public Utilities Commission, 2025). The federal 

Residential Clean Energy Credit under Section 25D terminated on the same date (Public Law 119-

21, 2025; 26 U.S.C. § 25D). A 2026-vintage household therefore enters the post-reform tariff 

landscape without the incentive scaffolding earlier adopters could stack. Each closure alone is a 

modest shock; stacked within a single calendar quarter, they compound into a combined economic 

gap. 

Design implication. A well-designed rate transition instrument specifies four elements at 

the moment of proposal. The first is the grandfathering horizon for projects already under the prior 

rate. The second is the lock-in term for the largest rate components under the new regime. The 

third is the review cycle under which the new rate itself can be updated without repricing projects 

already interconnected. The fourth is a graduated ramp from the prior rate to the successor rate. 

Vintage-based compensation step-downs or capacity-triggered tier changes spread adjustment 

costs across cohorts rather than compressing them onto a single effective date. Incentive programs 

that serve as transitional bridges should be evaluated against the same criteria. Their expiration 

produces the same investment repricing as a regulated rate change. A rate reform that has not 

specified these elements transfers the cost of the transition to whichever cohort is closest to the 

change date. 
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5.4 Equity Problems Arise in All Three Mechanisms and Compound Across Them 

Equity exclusions arise in all three mechanisms that determine residential DER viability. 

The exclusions compound on the same households rather than spreading across the population. 

Financing requires creditworthy underwriting against a 25-year obligation. Incentives require 

either tax liability to absorb a credit or eligibility for a rebate program. Rate design rewards 

consumption flexibility that not every household can deliver. The cumulative effect concentrates 

the modeled viability set in Table 5.1 on credit-qualified, tax-paying, load-flexible households. 

Finding 1. Financing screens out lower-credit-score households at the underwriting 

stage. Conventional residential solar loans price against a credit-score threshold rather than against 

the bill-savings stream of the system. Industry data show 76 to 88 percent of solar loans went to 

applicants above FICO 720, with 3 to 11 percent below FICO 680 (Schwabe & Feldman, 2018). 

The 7.24 percent loan rate assumed in Chapter 4 reflects this distribution and corresponds to an 

approximate 650 FICO floor. SEIA estimates that this floor excludes 36 percent of US renters and 

27 percent of households in multifamily properties (SEIA, 2024). Roanoke Electric Cooperative’s 

Upgrade to 𝑎𝑣𝑒𝑎𝑛𝑑𝑀𝑖𝑑𝑤𝑒𝑠𝑡𝐸𝑛𝑒𝑟𝑔𝑦′𝑠𝐻𝑜𝑤mart underwrite on utility payment history rather 

than FICO (DOE Better Buildings, 2023). Neither is available in the modeled states at residential 

solar scale. The modeled NPV ranges in Table 5.1 therefore describe outcomes for the credit-

qualified subset rather than the residential population as a whole. 

Finding 2. Incentive design screens on tax-liability capacity and on program access 

conditions. Tax-credit incentives require federal or state tax liability to absorb the credit, and 

rebate programs require enrollment under territorial caps. The federal Residential Clean Energy 

Credit under Section 25D was non-refundable until its December 31, 2025 termination (26 U.S.C. 

§ 25D; Public Law 119-21, 2025). Households without sufficient federal tax liability could not 

capture the 30 percent offset, and the credit is now unavailable to anyone. State-level credits 

replicate this constraint where they exist, including the Massachusetts 15 percent residential 

renewable energy credit. State-level rebates fill the gap unevenly. North Carolina’s PowerPair 

rebate and California’s Self-Generation Incentive Program both closed their primary residential 

budgets within the past year. New York and Massachusetts are the only modeled states with 

explicit equity instruments embedded in the compensation framework itself. New York’s Inclusive 
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Storage Incentive adds a bonus for projects sited in Disadvantaged Communities (NY PSC, 2024). 

Massachusetts SMART 3.0 layers income-based and location-based adders onto the tariff base rate 

(DOER, 2026). North Carolina and Texas have no comparable state-level residential DER equity 

instrument. 

Finding 3. Time-varying rate design transfers value to households that can shift load. 

Time-of-use and critical-peak structures price peak-hour consumption above off-peak 

consumption. California’s 4 to 9 pm peak window (CPUC, 2022, D.22-12-056) and 

Massachusetts’s Clean Peak Energy Standard fall in hours of constrained household flexibility. 

Multifamily households, households with at-home care responsibilities, and remote-work 

households have the least load-shift capacity. The modeled load profiles in Sections 4.3 and 4.4 

show roughly $104 to $133 per year flowing from non-flexible to flexible households on the same 

tariff. Capturing the TOU spread at residential scale generally requires a battery, which layers the 

rate-side exclusion onto the financing-side exclusion from Finding 1. Borenstein and Bushnell 

(2022) frame this as a distributional consequence of pricing structures that do not separate the 

efficiency signal from the cross-subsidy. 

Finding 4. Households excluded by one mechanism are likely to be excluded by the 

others. The three exclusions correlate at the household level. A lower-credit-score household is 

more likely to lack federal tax liability. It is more likely to live in multifamily housing, where roof 

access and load-shift flexibility are constrained. It is more likely to have shorter tenure 

expectations than the 25-year DER amortization horizon (US Census Bureau, 2023; SEIA, 2024). 

The 2023 adopter cohort had a median household income of $115,000 against $75,000 nationally, 

consistent with this compounding (Forrester et al., 2024; Barbose et al., 2024). Equity instruments 

designed to address one exclusion do not automatically reach households excluded by the others. 

Massachusetts SMART 3.0 directs rate-side compensation through income- and location-based 

adders. New York’s Inclusive Storage Incentive directs an incentive bonus to Disadvantaged 

Communities. Both operate on top of conventional debt underwriting. 

Design implication. Equity protections should be designed into rate and incentive 

structures at adoption rather than added afterward as supplementary programs. Four forms of 
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embedded protection follow from the case evidence. The first is bill-based underwriting that 

qualifies households on utility payment history rather than FICO score. The second is 

transferability of the repayment obligation through meter-attached or property-attached 

instruments such as PAYS or PACE (Hummel & Lachman, 2018; FHFA, 2010). Modeled simple 

paybacks of 15 to 45 years across the cases exceed the 13-year median US homeowner tenure (US 

Census Bureau, 2023). The third is income- or location-based adders to the rate or the incentive, 

as in Massachusetts SMART 3.0 and New York’s Inclusive Storage Incentive. The fourth is 

consumer-protection scaffolding for on-bill programs covering disconnection, underperformance, 

and predatory marketing risks (Haynes, 2023). The four forms address the three mechanisms from 

different sides and do not substitute for one another. New York and Massachusetts each cover the 

third form, and no state in the modeled set covers all four under 2026 policy. 

5.5 Scope, Limits, and Policy Synthesis 

Scope of the modeled evidence 
The three priorities above rest on bounded scenarios rather than universal forecasts. The 

modeled residential customer in Chapter 4 has a single-family home, a credit score above the 650 

threshold, and access to 100% debt financing at 7.24%. The customer faces no state-level barriers 

to interconnection beyond the ones explicitly documented in each state’s regulatory section. 

System size is held approximately constant at 5.77–5.95 kW PV paired with an optional 13.5 kWh 

battery. Weather, load, and rate inputs are drawn from 2023 NSRDB, 2024 ResStock aggregates, 

and 2026-vintage tariff filings. Discount rate is 6.4%, escalation is 2.5%, and loan term is 25 years. 

The Section 25D federal ITC is set to zero consistent with its December 31, 2025 expiration. 

The modeled NPV captures bill savings, incentive income, and debt service over a 25-year 

horizon and excludes any home-value premium that solar or solar-plus-storage capitalizes into the 

sale price. Paired-sales evidence finds a median direct-owned solar-home premium near $4 per 

watt of installed capacity (Hoen et al., 2015; Adomatis & Hoen, 2016), equivalent to roughly 

$15,000 on the modeled 4-to-6 kW arrays. Median US homeowner tenure of approximately 13 

years (US Census Bureau, 2023) sits below the 25-year amortization window, so households that 

sell before the loan amortizes carry a negative cumulative cash flow at exit and rely on the home-



 

 

75 

value channel to recover residual capex. The paired-sales literature is solar-only and does not yet 

generalize to PV+battery configurations, which limits transferability of the premium estimate to 

the storage scenarios in Chapter 4. 

The modeled scenarios do not test cash-financed customers, households below the credit 

gate, renters, multifamily residents, or customers on partial-debt hybrid financing. Where the 

implications in this chapter reference those populations, they do so as derivations from known 

program eligibility rules rather than from direct modeling. Table 5.1’s NPV range is therefore the 

range for the narrow customer profile that clears the access threshold, not a population-weighted 

viability measure. 

Transferability of findings 
The five states cover three rate-design archetypes (transitional, advanced value-based, and 

market-oriented) and four compensation mechanisms (retail NEM, net billing, unbundled value 

stack, and REP-contracted buyback). They do not cover the full distribution of US residential DER 

markets. Results are likely to transfer to other states whose rate and incentive structures share a 

core feature with a modeled case. Outcomes in states that are moving toward avoided-cost export 

pricing can be informed by the California NBT result. Outcomes in states that layer a tariff-based 

production incentive onto retail NEM can be informed by the Massachusetts SMART 3.0 result. 

Outcomes in states whose legislature has restricted or declined to require export compensation can 

be informed by the Texas REP-contracted result. States that have not adopted any of the four 

compensation mechanisms in the modeled set, particularly states with low-diffusion vertically 

integrated utilities, fall outside the transferability envelope. 

Trade-offs among the three priorities 
The three priorities interact and cannot all be optimized simultaneously. Stackable 

compensation (Section 5.2) requires administrative capacity that not all utilities possess. Transition 

pathways (Section 5.3) slow the efficiency gains that rate reform is designed to deliver. Embedded 

equity protections (Section 5.4) may reduce the aggregate value that a rate structure transfers to 

the grid, because they redirect part of that value to households whose contribution to grid services 

is smaller. Each priority is costly against one of the others. The five-state evidence does not identify 
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a single combination that is optimal across all three. It identifies combinations that avoid the 

clearest failure modes. Massachusetts and New York do so on compensation stacking. New York 

and Massachusetts do so on transition pathways. New York, Massachusetts, and California SGIP 

(through 2025) did so in part on equity. No state in the modeled set does all three simultaneously 

under current 2026 policy. 

Policy synthesis 
The report’s central research question is whether current rate structures, incentives, and 

financing mechanisms support financially viable residential DER adoption. The modeled evidence 

returns a conditional answer. Viability is achievable in the modeled scenarios under three 

conditions acting together. The state must layer three or more compensation streams, protect pre-

reform and post-reform cohorts through explicit transition instruments, and direct at least one 

instrument toward the households that rate design otherwise excludes. Viability for PV+Storage 

fails in any modeled state with three contrary features. The failure occurs where a single flat export 

rate carries all export compensation, where incentives are capped or scheduled to expire within the 

loan term, or where the base rate excludes temporal or locational differentiation. Viability for solar-

only is achievable in a narrower set of states with adequate retail rate levels and load-production 

coincidence, but even solar-only clears zero in only six of thirteen modeled configurations. 

The priority order follows from the evidence. Stackable compensation is the precondition 

without which neither transition design nor embedded equity can produce a positive NPV. 

Transition design is the precondition under which a stacked portfolio remains bankable across a 

25-year horizon. Embedded equity is the precondition under which the bankable portfolio reaches 

the households for whom DER adoption was part of the original policy rationale. The three 

priorities are a sequence, not a list. A state that implements them in the reverse order produces 

three kinds of mismatch. Access programs route households into investments that do not clear. 

Transition provisions protect participants against rate changes inside tariffs that do not return 

positive NPV. Compensation portfolio design never becomes the binding decision. The transitional, 

advanced, and market-oriented archetypes from Chapter 2 describe where each state currently 

stands on the first priority. The cross-state evidence in this chapter identifies what each state would 



 

 

77 

need to add to the first priority before the second and third can deliver on their stated purposes. 
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